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Abstract6

We develop an integrated analytical framework for one-dimensional three-phase7

flow – involving rarefaction waves, shocks generated through the elliptic region and8

shock locus, as well as water and oil banks – for the analysis of oil recovery and CO29

storage. The solutions are compared with numerical approximations from a commer-10

cial reservoir simulator and an explicit finite difference code, showing good agree-11

ment between the approaches. Fractional flow solutions for three-phase immiscible12

and near-miscible injections were constructed semi-analytically. Relative-permeability13

inputs were carefully selected by fitting Corey-type curves to high-quality relative-14

permeability experimental data from the literature. The study was conducted under15

two wettability conditions: water-wet and non-water-wet. The results show that the16

displacement process, governed by relative permeability and viscosity, has a signifi-17

cant impact on oil recovery and CO2 storage design. The model used to represent18

the gas relative permeability has a significant impact on the results. In non-water-wet19

reservoirs, gas is no necessarily the most non-wetting phase in the presence of mobile20

water, leading to a much lower gas relative permeability than would be assumed using21

gas-oil data or oil-water analogues. Using a low gas relative permeability, consistent22

with recent measurements in the literature, leads to the formation of water or oil23

banks, which improve oil recovery. In addition, near-miscible injection results in a24

slower gas front and greater CO2 retention within the pore space. The findings of this25

study can be incorporated into reservoir management, field-development planning, and26

measurement, monitoring, and verification strategies for CO2 storage.27

1 Introduction28

Accurate flow prediction is necessary for field-development planning, reservoir manage-29

ment, and CCS applications, particularly for measurement, monitoring, and verification30

(MMV). It can provide confidence that the injected CO2 remains within the designated31

storage boundary, such as the spill point and contractual block boundary. In addition, it32

can also ensure that CO2 plume remains a sufficient distant from plugged and abandoned33

wells and faults with incomplete sealing. More than 90% of the CO2 currently injected34

underground for CCS is stored in depleted oil reservoirs (Bui et al., 2018). Even when35

injection is designed such that the injected gas and resident oil become miscible, it is in-36

evitable that in many parts of the reservoir complete miscibility is not achieved and there37

are three flowing phases - oil, water and gas. Traditional reservoir models of three-phase38

flow focus on oil recovery and extrapolate the oil relative permeability between its oil-39

water and gas-oil two-phase endpoints (Baker, 1988). However, if the project is designed40
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to retain CO2, it is necessary to have an accurate assessment of gas relative permeability41

as well.42

After CO2 is in injected into a reservoir, three-phase flow may occur if the gas and43

oil are not completely miscible. To understand the impact of relative permeability on44

flow behavior, isolated from the effects of reservoir heterogeneity and gravity segregation,45

one-dimensional solutions identify the speed with which gas moves through the system46

and the sequence of changes in oil and water saturation. The construction of analytical47

one-dimensional solutions for three-phase flow has been widely studied in the literature.48

(Guzman and Fayers, 1997) has classified the underlying partial differential equations49

for saturation into hyperbolic, elliptic, and umbilic points. (Juanes and Patzek, 2004)50

found nine types of solution for a strictly hyperbolic system and computed oil recovery.51

Since then other researchers have studied the wave structure and recovery in three-phase52

flow (Lie and Juanes, 2005)(Dutra et al., 2009)(Castaneda et al., 2016)(Qiao and Evje,53

2020)(Mehrabi et al., 2020). However, the focus has been on the mathematical structure54

of the solutions, and in particular the discussion of circumstances in which there appear55

to be no stable solutions (the presence of elliptic regions, defined later). We will not56

add to this analysis; instead our focus on what measured relative permeabilities imply for57

storage and recovery. Furthermore, previous work has concentrated on oil recovery, rather58

than explicitly studying gas storage. Moreover, the work assumed particular forms for the59

relative permeability without a careful analysis of what functions best represent realistic60

flow behavior. In particular, the gas relative permeability was assumed to be a function61

only of gas saturation and found from an experiment where gas displaced oil with immobile62

water. As we show later, there is compelling evidence that with mobile water present the63

gas relative permeability may be orders of magnitude lower. Failing to account for this64

effect can lead to erroneous predictions of recovery and storage; indeed it is likely that65

projects may be abandoned on the basis of a physically incorrect and overly pessimistic66

assessment of how fast the gas can propagate through the reservoir.67

In this study, we have addressed the research gaps as follows: (1) Integrated analyti-68

cal solutions are linked to quantitative predictions of the cumulative oil recovery and the69

amount of CO2 stored under immiscible and near-miscible conditions. The predicted sat-70

uration profiles, cumulative oil recovery factors, and amounts of CO2 stored show good71

agreement with results from the commercial reservoir simulator ECLIPSE 100 (E100) and72

are consistent with the analytical solutions. (2) Low gas relative permeability, based on73

experimental data, reduces gas-front velocity. This can promote oil- or water-bank forma-74

tion, subsequently increasing oil recovery and the amount of CO2 stored. (3) Compared75

with immiscible injection, near-miscible injection further reduces gas-front velocity and76

promotes water- or oil-bank formation. This also further increases the amount of CO277

stored. (4) The relationship between saturation paths and oil- or water-bank propaga-78

tion is described using ternary diagrams with analytical rarefaction curves, elliptic-region79

boundaries, and Rankine–Hugoniot shock loci. These are subsequently used to explain80

how bank formation relates to the oil recovery factor and the amount of CO2 stored.81

2 Method82

This work consists of three main parts: (1) comparison of the model with a finite dif-83

ference reservoir simulator and investigation of the effects of entering the elliptic region;84

(2) fitting relative-permeabilities to experimental data from the literature; and (3) inves-85

tigation of three-phase fractional flow under several conditions, including (3.1) a general86

gas–oil relative-permeability model, (3.2) three-phase relative-permeability interpolation87
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(Ariyarit et al., 2026) with low gas relative permeability (Masalmeh et al., 2025), and88

(3.3) the combined effects of low gas relative permeability and viscosity under mutual-89

equilibrium conditions representing near-miscible displacement.90

2.1 Proposed Framework for Three-Phase Flow Analysis91

2.1.1 Relative-Permeability Equations92

The Corey-typed equations from (Ariyarit et al., 2026) were used, as follows:93

Equations for oil/water systems:94

krw(o)(Sw) = kmax
rw

(︃
Sw − Swi

1− Swi − Sor(w)

)︃a

(1)

kro(w)(Sw) = kmax
ro

(︃
1− Sor(w) − Sw

1− Swi − Sor(w)

)︃b

(2)

Equations for gas/oil systems:95

krg(o)(Sg) = kmax
rg

(︃
Sg − Sgc

1− Swi − Sor(g) − Sgc

)︃c

(3)

kro(g)(Sg) = kmax
ro

(︃
1− Swi − Sor(g) − Sg

1− Swi − Sor(g) − Sgc

)︃d

(4)

Equations for gas/water systems:96

krw(g) = kmax
rw

(︃
Sw − Swi

1− Swi

)︃e

(5)

krg(w) = kmax
rg

(︃
1− Sw

1− Swi

)︃f

(6)

2.1.2 Baker Interpolation Method97

The equations used to interpolate the relative permeabilities of all three phases are given98

as follows (Blunt, 2017):99

kro =
(Sw − Swi)kro(w)(So) + (Sg − Sgr)kro(g)(So)

(Sw − Swi) + (Sg − Sgr)
(7)

krw =
(So − Soi)krw(o)(Sw) + (Sg − Sgr)krw(g)(Sw)

(So − Soi) + (Sg − Sgr)
(8)

krg =
(Sw − Swi)krg(w)(Sg) + (So − Soi)krg(o)(Sg)

(Sw − Swi) + (So − Soi)
(9)
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2.1.3 Rarefaction Waves in the Riemann Problem100

The wave speeds are calculated from the eigenvalues of the Jacobian matrix as shown in101

the equation below (Jackson and Blunt, 2002). There are two families of wave speeds: the102

fast wave (v+D) and the slow wave (v−D). A central-difference scheme is used to approximate103

the derivatives of the relative permeabilities with respect to saturation.104

vD =
f11 + f33

2
± 1

2

√︂
(f11 − f33)

2 + 4f13f31 (10)

The rarefaction are then traced using the eigenvector as the directions, as shown in105

the equation below (Jackson and Blunt, 2002).106

dS3

dS1
=

f31
vD − f33

(11)

The inverse of direction may also be used to trace the rarefaction curve.107

dS1

dS3
=

(︃
dS3

dS1

)︃−1

=
vD − f33

f31
(12)

2.1.4 Elliptic Region108

Elliptic region is defined where the discriminant is negative (Jackson and Blunt, 2002),109

such that there are no real solutions of Eq. (10).110

(f11 − f33)
2 + 4f13f31 < 0 (13)

The region of saturation space where Eq. (13) is obeyed is called the elliptic region.111

Flow solutions in this region are unstable: the only way to obtain a valid solution for the112

flow is for there to be a shock, a discontinuity, in saturation that jumps across the elliptic113

region.114

2.1.5 Shock Waves115

The shock speed is determined from the Rankine–Hugoniot condition, which requires the116

water and CO2 saturation discontinuities to propagate at the same speed (Blunt, 2017).117

vDs =
fwL − fwR

SwL − SwR
=

fgL − fgR
SgL − SgR

(14)

2.1.6 Finite-Difference Method118

Water and CO2 saturation are solved, while oil saturation is obtained from the saturation119

constraint: So = 1 − Sw − Sg. The finite-difference scheme updates saturation using the120

difference in fractional flow between neighboring grid blocks.121

Sn+1
i,p = Sn

i,p +
∆tD
∆xD

(︁
fn
i−1,p − fn

i,p

)︁
(15)
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2.1.7 Mutual-Equilibrium Conditions122

To represent near-miscible injection, the oil- and CO2-rich phase viscosities were adopted123

from Fig. 2 of (Lansangan and Smith, 1993). The CO2-rich viscosity is 0.203 mPa · s, and124

the oil-rich viscosity is 0.394 mPa · s, as these are the values closest to the critical region.125

This model assumes that the gas and oil have reached mutual equilibrium throughout the126

reservoir: a more accurate assessment would require a compositional model for which we127

do not have an analytical solution for three-phase flow.128

2.2 Comparison with Finite Difference Simulation129

The proposed general solution is compared with fractional-flow results obtained from a130

commercial finite difference reservoir simulator, E100, using the assumptions described131

below. Relative-permeability data from (Ariyarit et al., 2026) (strongly oil-wet rock) were132

adopted. The residual oil saturation, Sor(w), was adjusted to 0.3, and Corey oil exponents133

were adjusted to 3 for both oil-water and gas-oil systems. The Baker model was used to134

interpolate oil relative permeability.135

136

Fig. 1: Oil–water (left) and gas–oil (right) relative-permeabilities adapted from (Ariyarit et al., 2026).

In E100, a one-dimensional reservoir model was constructed at depth of 885 – 890137

m. The model dimensions were 5 × 150 × 5 m. The reservoir pressure was 32.5 MPa138

and the temperature was 100 ◦C. The porosity was 0.25. Permeability in the x-, y-, and139

z-directions were 100, 100, and 10 mD, respectively. The gas formation volume factor140

(Bg) was 0.0027 rm3 sm−3 (King, 2025)(Wischnewski, 2025). The model consisted of 600141

grid blocks between the injection and production wells. The injection well was located142

at x = 0 m, while the production well was located at 150 m. The oil viscosity was143

0.1845 mPa.s. The CO2 viscosity was 0.0576 mPa.s (Fenghour et al., 1998) and the water144

viscosity was 0.3093 mPa.s. The initial condition was set at 70% water saturation and145

30% oil saturation to represent the reservoir condition after secondary waterflooding before146

tertiary CO2 injection. This condition can also represent the state after secondary water147

injection in a coreflood experiment. One pore volume (PV) of CO2 was injected at an148

injection pressure of 32.6 MPa, while bottom-hole pressure was maintained at 32.4 MPa.149

The dimensionless velocity (vD) from the E100 simulation was calculated from the150

distance:151

vD =
xD
tD

=
x

L · PVI
(16)

The analytical solutions were constructed using the theory described in Section 2.1,152

with the same assumptions as those used in the E100 model. The number of grid cells153

was increased to 1,000. The recovery factor and dimensionless pore volume stored were154

calculated using the equations below.155
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NPD(tD) = Soi −
1

VD

∫︂ VD=1/tD

VD=0
So dVD (17)

Rf (tD) =
NPD(tD)

Soi
(18)

NDS(tD) =
1

VD

∫︂ VD=1/tD

VD=0
Sg dVD (19)

The dimensionless pore volume stored was then converted to the amount of CO2 stored156

by multiplying it by the reservoir pore volume. Subsequently, the co-injection method was157

applied to investigate the saturation path passing through the elliptic region. The CO2158

fractional flow was set to 0.9, while the water fractional flow was set to 0.1. The number159

of grid cells was 1,000. The initial condition was changed to 50% water saturation and160

50% oil saturation.161

2.3 Matching Relative Permeabilities from the Literature162

To study the three-phase flow using realistic conditions derived from published experi-163

mental data, high-quality relative permeability datasets were selected from the literature.164

Because experimental three-phase relative permeability data are limited, some datasets ob-165

tained from water-wet rocks were also used to represent non-water-wet conditions where166

suitable data were unavailable. Table 1 summarizes the sources of relative permeabilities167

selected. The relative permeability correlations used in (Ariyarit et al., 2026) were used168

to match the selected experiments. After fitting the Corey-type relative permeability re-169

lationships to the experimental data, all relative permeabilities were rescaled to have the170

same initial water saturation, Swi = 0.2, and consistent endpoint values at Swi. Water171

relative permeability was extended to Sw = 1.0, based on the physical consideration that172

water remains mobile at water saturations above the initial oil saturation. Sor(g) was173

adjusted so that it did not exceed Sor(w). The resulting adjusted relative permeability174

parameters, which were used as input parameters for the subsequent analyses, are shown175

in Table 2 and 3.176
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Table 1: Sources of relative permeabilities used in this study.

Relative
Permeability

Water-Wet Rock Non-Water-Wet Rock

Process Source Process Source

kro(w) Imbibition (Piri and Blunt,
2005), Table C1

Water injection Digitized from
(Valvatne and Blunt,
2004), Fig. 18

krw(o) Imbibition (Piri and Blunt,
2005), Table C1

Water injection Digitized from
(Valvatne and Blunt,
2004), Fig. 18

kro(g) Drainage Digitized from (Oak
et al., 1990), Fig. 8
(dashed line)

Same as water-wet rock

krg(o) Drainage Digitized from (Oak
et al., 1990), Fig. 10
(solid line)

Same as water-wet rock

krw(g) Drainage (Piri and Blunt,
2005), Table C3

Gas injection Digitized from
(Alhosani et al.,
2023), Fig. 11(a)

krg(w) Drainage (Piri and Blunt,
2005), Table C3

Gas injection
(water-wet
condition)

Digitized from
(Masalmeh et al.,
2025), Fig. 15 (group
4)

177

Fig. 2: Relative-permeability matching for water-wet rocks. Dots represent the experimental data, and
lines represent the fitted curves. Green represents oil, blue represents water, and red represents CO2.
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178

Fig. 3: Relative-permeability matching for non-water-wet rocks. Dots represent the experimental data,
and lines represent the fitted curves. Green represents oil, blue represents water, and red represents
CO2. The main feature to note from the experiments is that when the medium is no longer water-wet,
the gas relative permeability in the presence of water is very low, consistent with water, rather than
gas, being the most non-wetting phase. In addition, the water relative permeability in the presence of
oil is also very low. As we show later, both these features, supported by recent experimental evidence,
have a significant impact on displacement and lead to much more favorable assessments of recovery
and storage than traditional models that assume water-wet behavior.

Table 2: Input parameters for relative permeabilities for water-wet rocks.

Oil–Water System Gas–Oil System Gas–Water System

Parameter Value Parameter Value Parameter Value

Sor(w) 0.38 Sor(g) 0.08 kmax
rw 1.00

Swi 0.20 Sgc 0 kmax
rg 0.83

kmax
rw 0.17∗ kmax

rg 0.83 e 2.8

kmax
ro 0.85 c 1.9 f 3.0

a 7.0 d 3.5
b 1.2

∗Extended to 1.0.

Table 3: Input parameters for relative permeabilities for non-water-wet rocks.

Oil–Water System Gas–Oil System Gas–Water System

Parameter Value Parameter Value Parameter Value

Sor(w) 0.08 Sor(g) 0.08 kmax
rw 1.00

Swi 0.20 Sgc 0 kmax
rg 0.83

kmax
rw 0.75∗ kmax

rg 0.83 e 2.2

kmax
ro 0.85 c 1.9 f 7.5

a 5.0 d 3.5
b 4.3

∗Extended to 1.0.
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2.4 Using the Proposed General Three-Phase Flow Solution for Analysis179

Two wettability conditions were considered: water-wet and non-water-wet rocks. The180

viscosities and Bg values described in Section 2.2, together with the relative-permeability181

parameters listed in Tables 2 and 3, were used. The model consisted of 1,000 grid cells. A182

finite-difference method was used to determine the saturation paths, and the results were183

subsequently compared with the analytical solution described in Section 2.1. Oil recovery184

and the amount of CO2 stored were also calculated.185

For each wettability condition, three scenarios were evaluated: (1) interpolation of186

the oil relative permeability only; (2) interpolation of the relative permeabilities of all187

three phases; and (3) interpolation of the relative permeabilities of all three phases under188

mutual-equilibrium conditions, using the corresponding viscosity values. Each scenario189

was evaluated for two initial conditions: (1) Sw = 1−Sor(w) and So = Sor(w), representing190

the condition after waterflooding; and (2) Sw = 0.5 and So = 0.5. The mutual-equilibrium191

viscosities were obtained from (Lansangan and Smith, 1993).192

3 Results and Discussion193

3.1 Model Validation194

Fig. 4 demonstrates the model validation. The finite-difference solution, analytical solu-195

tion, and E100 simulation show consistent behavior. On the left, the finite-difference and196

E100 results are in close agreement. The saturation profile contains a rarefaction wave, and197

the gas breaks through early. This behavior is unfavorable for both oil recovery and CO2198

storage. The results are also consistent with the analytical solution shown in the ternary199

diagram on the right. Starting from the injection condition of 80% CO2 saturation and200

20% water saturation, both the finite-difference solution and E100 follow the rarefaction201

curve and then go along the boundary of the elliptic region, where the eigenvectors in the202

positive and negative directions are equal. After leaving the boundary, the solution follows203

another rarefaction curve and eventually reaches the initial condition of 30% oil saturation204

and 70% water saturation. The agreement among the analytical solution, finite-difference205

solution and E100 simulation provides confidence that the wave structure has been cap-206

tured correctly. In terms of oil recovery and the amount of CO2 stored, the E100 and207

finite-difference results are also aligned throughout the range of PV injected, as shown in208

Fig. 5.209
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210

Fig. 4: Comparison of fractional-flow curves obtained from the finite-difference method and E100 (left).
Saturation paths obtained from the finite-difference method and E100 are shown in the ternary diagram
for comparison with the analytical solution (right).

211

Fig. 5: Comparison of the recovery factor (left) and the amount of CO2 stored (right) between the
finite-difference method and E100.

Fig.6 illustrates CO2 and water co-injection after 1 PV has been injected. In the finite-212

difference result (left), the saturation path consists of a rarefaction wave (Rarefaction 1),213

followed by a constant state, a shock, and a second rarefaction wave (Rarefaction 2). In214

the ternary diagram (right), the saturation path also follows the analytical solution. It215

begins with Rarefaction 1 along the analytical rarefaction curve, followed by a constant216

state and a shock that passes through the elliptic region. After leaving the elliptic region,217

the saturation path follows another analytical rarefaction curve, referred to as Rarefaction218

2. Because the initial condition has already disappeared, Rarefaction 2 in the ternary219

diagram does not extend to the initial condition. As there is more mobile oil in initial220

condition compared to Fig. 4, water and oil flow more easily; however, gas breakthrough221

is still fast, and consequently, oil recovery remains slow. It is necessary to use a high reso-222

lution simulation to resolve the complex wave structure. This case shows that three-phase223

flow can have complex wave structures that may be missed or smeared if the simulation224

resolution is too coarse.225
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226

Fig. 6: Shock generation as the saturation path passes through the elliptic region. The saturation path
is shown at 1 PV injected.

3.2 Using the Proposed General Three-Phase Flow Solution for Analysis227

After applying the proposed general solution to the analysis, the results are presented in228

Figs. 7– 12. The corresponding discussion is provided in Sections 3.3 and 3.4.229

230

Fig. 7: High gas relative permeability for water-wet (left) and non-water-wet (right) rocks.
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231

Fig. 8: Low gas relative permeability for water-wet (left) and non-water-wet (right) rocks.

232

Fig. 9: Low gas relative permeability for water-wet (left) and non-water-wet (right) rocks using vis-
cosities under equilibrium conditions.
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233

Fig. 10: Fractional-flow curves for water-wet cases, with an initial condition of So = Sor(w) on the left
and 50% Sw and 50% So on the right.

234

Fig. 11: Fractional-flow curves for non-water-wet cases, with an initial condition of So = Sor(w) on
the left and 50% Sw and 50% So on the right.
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235

Fig. 12: Recovery factor and amount of CO2 stored for the different cases studied.

3.3 Water-Wet Conditions236

Figs. 7 (left), 8 (left), and 9 (left) show the saturation paths in the water-wet system for237

high gas relative permeability, low gas relative permeability, and low gas relative perme-238

ability under mutual-equilibrium conditions, respectively. The latter represents the near-239

miscible injection condition. These saturation paths are consistent with the saturation-240

path behavior shown in Fig. 10.241

In more detail, for the case with an initial condition of So = Sor(w) in Fig. 7 (left), the242

saturation path from the injection condition passes through the shock locus, then follows243

the boundary of the elliptic region, and subsequently follows the rarefaction path until244

it reaches the axis where the CO2 saturation is zero. This results in a rarefaction from245

the injection point, followed by a shock and then a path along which the CO2 saturation246

is zero, as shown in Fig. 10 (left, high krg). Since the initial condition in Fig. 7 (left)247

disappears, the initial condition in Fig. 10 (left, high krg) also disappears.248

In Fig. 8 (left), starting from the injection condition, the saturation paths follow the249

rarefaction path and pass through the shock locus until they reach the axis where the CO2250

saturation is zero. From this point, the saturation path for the initial condition So = Sor(w)251

stops, whereas the saturation path for the initial condition of 50% water saturation and252

50% oil saturation suddenly moves to the initial condition. This represents another shock,253

which subsequently forms a water bank. These behaviors are consistent with the results254

shown in Fig. 10 (low krg). In Fig. 10 (left, low krg), the saturation path begins at the255

injection condition, followed by a rarefaction, a shock, and then a path along which the256

CO2 saturation is zero. In addition, the initial condition with So = Sor(w) also disappears.257

In contrast, in Fig. 10 (right, low krg), the saturation path starts with a rarefaction and is258

then followed by a water bank, consisting of a shock, a plateau region, and another shock,259

before reaching the initial condition of 50% water saturation and 50% oil saturation.260

Fig. 9 (left) is also consistent with Fig. 10 (mutual equilibrium). In Fig. 9 (left), after261

the saturation paths follow the rarefaction and pass through the shock locus, they return262

to the initial condition. Hence, in Fig. 10 (left and right, mutual equilibrium), an oil bank263
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forms in the case with the initial condition So = Sor(w), whereas a water bank forms in the264

case with the initial condition of 50% water saturation and 50% oil saturation. In both265

cases, the initial conditions are still present.266

From Figs. 10 and 12, compared with the high-gas-relative-permeability case, low gas267

relative permeability slows the gas-front velocity. This would lead to improved sweep268

efficiency in a three-dimensional flow setting and in any event provides higher oil recovery,269

and more pore space available for CO2 retention. Moreover, mutual-equilibrium conditions,270

representing near-miscible injection, further reduce the gas-front velocity. This results in271

the formation of an oil bank. In addition, the combination of low gas relative permeability272

and mutual-equilibrium conditions produces the highest oil recovery and stores the greatest273

amount of CO2 in the reservoir.274

At an initial condition of 50% oil saturation and 50% water saturation, more mobile275

oil is present, resulting in higher oil recovery. In contrast, the amount of CO2 stored is276

nearly the same as that for the initial condition So = Sor(w). This is observed for both277

initial conditions and can be attributed to mass conservation.278

3.4 Non-Water-Wet Conditions279

Comparison between the analytical solutions in Figs. 7 (right), 8 (right), and 9 (right) and280

the finite-difference results in Fig. 11 is consistent with the behavior previously discussed281

in Section 3.3.282

For the initial condition of 50% water saturation and 50% oil saturation, Figs. 7283

(right), 8 (right), and 9 (right) show the formation of water banks in the low-krg and284

mutual-equilibrium cases. These water banks can also be observed in Fig. 11 (right). For285

the initial condition So = Sor(w), only gas displacing water is observed, as shown in Figs. 7286

(right), 8 (right), and 9 (right), and Fig. 11 (left).287

Figs. 7 (right), 8 (right), and 9 (right) also contain elliptic regions; however, none of288

the saturation paths enter these regions.289

From Figs. 11 and 12, the behavior in the non-water-wet cases is similar to that in290

the water-wet cases. Lower gas relative permeability improves the displacement process291

and increases CO2 storage. Near-miscible injection changes the phase mobility and results292

in a slower gas front, which further improves the displacement process and increases the293

amount of CO2 stored.294

When So = Sor(w), it is difficult to reduce So below Sor(w), even when oil relative-295

permeability interpolation is applied. In these cases, no oil production occurs; only gas296

displacing water is observed. When the gas moves more slowly, the reservoir can retain297

more CO2, with even greater CO2 storage under mutual-equilibrium conditions.298

Between the initial conditions of 50% oil saturation and 50% water saturation and299

So = Sor(w), the amounts of CO2 stored are different, unlike in the water-wet cases. This300

is because only gas displacing water occurs in the So = Sor(w) case, whereas gas displaces301

both oil and water in the case with 50% oil saturation and 50% water saturation, where302

more mobile oil is present.303

For the initial condition of 50% oil saturation and 50% water saturation, low gas304

relative permeability creates a water bank, which prevents the gas from moving ahead of305

both oil and water. Oil production is nearly the same in all cases. In terms of gas-front306

movement, the gas moves more slowly when low gas relative permeability is used and even307

more slowly under mutual-equilibrium conditions. Because the gas remains behind both308

the oil and water fronts, more CO2 can be retained in the pore space.309

15



4 Conclusions310

To improve the understanding of three-phase flow during CO2 injection, we have proposed311

a framework that combines the analytical solution of the Riemann problem, elliptic-region312

analysis, shock theory, and finite-difference simulation. Oil recovery and the amount of313

CO2 stored are evaluated after the injection of 1 PV of CO2. The results are compared314

with a commercial reservoir simulator.315

Subsequently, high-quality experimental data were selected to represent realistic condi-316

tions. The relative-permeability curves were matched and used as input parameters in the317

proposed general three-phase flow solution. Two wettability conditions were considered:318

water-wet and non-water-wet rocks.319

Using the analytical solution, the saturation paths obtained from the finite-difference320

method were shown to follow the rarefaction paths. It was confirmed that shocks can321

occur when a saturation path passes through an elliptic region or a shock locus. As gas322

relative permeability decreases, oil banks or water banks can form. These features are323

confirmed by both the analytical solution and the finite-difference results. Whether the324

initial condition remains present or disappears can also be identified consistently using325

both approaches.326

The formation of oil and water banks depends on the input relative permeability, vis-327

cosity, and initial condition, representing either the state after secondary waterflooding in328

field-scale simulation or after secondary water injection in a coreflood experiment. Low gas329

relative permeability reduces the gas-front velocity, creating conditions favorable for the330

formation of water or oil banks. As observed in the results, when gas relative permeability331

is sufficiently low, the gas front no longer moves ahead of the water and oil fronts.332

Near-miscible injection can further reduce the gas-front velocity. When the gas remains333

behind both the oil and water fronts, sweep efficiency, oil recovery, and the amount of CO2334

stored can be increased.335

The main implication of this work is that relative permeability, viscosity, and the336

initial saturation condition have a significant impact on the displacement process and337

are therefore essential for flow prediction in field-scale simulation. These fundamental338

insights can be incorporated into reservoir management, field-development planning, and339

measurement, monitoring, and verification strategies for CO2 storage.340
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