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Abstract 
 
Low-carbon hydrogen is considered a key component of global energy system decarbonization 

strategy. The US Inflation Reduction Act includes incentives in the form of production tax 

credits for low-carbon hydrogen production, provided the lifecycle greenhouse gas (GHG) 

emissions intensity (EI) of hydrogen is below 4 kg CO2e/kg H2. Blue hydrogen or hydrogen 

produced from natural gas coupled with carbon capture and sequestration is one such pathway. 

In this work, we develop a geospatial, measurement-informed model to estimate supply chain 

specific lifecycle GHG EI of blue hydrogen produced with natural gas sourced from the 

Marcellus and Permian shale basins. We find that blue hydrogen production using Permian gas 

has a lifecycle EI of 7.4 kg CO2e/kg H2, more than twice the EI of hydrogen produced using 

Marcellus gas of 3.3 kg CO2e/kg H2. We conclude that eligibility for tax credits should therefore 

be based on lifecycle assessments that are supply chain specific and measurement informed to 

ensure blue hydrogen projects are truly low carbon. 
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Hydrogen is at the peak of technology hype cycles1. Recent pronouncements have declared 
hydrogen to be the solution to the decarbonization challenge in heavy industry, agriculture, power 
sector, shipping, and aviation2–7. Governments around the world, led by the European Union and 
now the United States, have invested billions of dollars in jumpstarting a hydrogen economy8–10. 
Even as potential applications of clean hydrogen continue to expand, demand for hydrogen in 
traditional applications such as fertilizer manufacturing and industry is expected to increase11. In 
parallel, energy system models of a net-zero economy by 2050 continue to suggest hydrogen as a 
key component of the global economy12–15. Much of the hydrogen produced in the world are from 
fossil fuels such as coal or natural gas through steam methane reforming, with a greenhouse gas 
(GHG) emissions intensity of 20 – 25 kg CO2e/kg H2 or 10 – 15 kg CO2e/kg H2, respectively16–

18. A large role for hydrogen in a decarbonized world requires urgent development and scale up of 
low and zero-carbon hydrogen production systems. In practice, the most likely candidate 
technologies include gas-based hydrogen production with carbon capture and sequestration (CCS), 
also called blue hydrogen, or electrolysis using clean electricity, also called green hydrogen18,19.   

The US Department of Energy recently announced the creation of seven hydrogen hubs across the 
country, each receiving approximately $1 billion to accelerate the commercial-scale deployment 
of clean hydrogen8. At least three of the announced hubs plan to produce low-carbon hydrogen 
from natural gas using CCS. In addition to federal investments in kickstarting a national clean 
hydrogen ecosystem, the Inflation Reduction Act (IRA) provided tax credits for clean hydrogen 
production20. The production tax credit (hereafter referred to as the 45V PTC) is available on a 
graded scale of the lifecycle GHG emissions intensity, with a minimum credit of $0.60 per kg of 
H2 up to a maximum of $3 per kg of H2. For comparison, recent estimates of costs of hydrogen 
production using clean energy-based electrolysis and fossil fuel-based steam methane reforming 
were in the range of $6-10 /kg H2 and $1-4 /kg H2, respectively17,18. Whether a project is eligible 
for the full 45V PTC depends on the well-to-gate lifecycle GHG emissions intensity as estimated 
by Argonne National Lab’s greenhouse gases, regulated emissions, and energy use in technologies 
(GREET) model21.  

Several recent studies have estimated the lifecycle GHG emission intensity of hydrogen production 
pathways16–18,22,23. Estimates of blue hydrogen emissions intensity range from 3 – 9 kg CO2e/kg 
H2, with the variability attributed to assumptions around supply chain methane emissions and 
capture efficiency. A common theme across all studies is the use of nationally representative 
estimates for key model parameters such as average electricity grid carbon intensity or national 
average methane emission rate. For example, the GREET model uses a base case assumption of a 
nationally representative 1% methane leakage across US natural gas supply chains to estimate 
GHG intensity of blue hydrogen production. Recent work on the design of the 45V PTC for low-
carbon electrolytic hydrogen production showed that verification and assurance of low carbon 
attributes require stringent conditions to be imposed on time matching and additionality of clean 
electricity24. 

The use of nationally representative parameter estimates for supply chain methane emissions and 
other variables in a lifecycle framework is insufficient to estimate the GHG emissions intensity of 
blue hydrogen production in the US. Measurements of methane emissions over the past decade 
have identified significant spatio-temporal variability in emissions at different scales25–31. Field 
campaigns in the Permian basin in Texas and New Mexico alone have reported methane emissions 
ranging from a production normalized estimate of 3.7% to 9.4%32–34. By contrast, recent aerial-
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based measurements in the Marcellus shale basin in Pennsylvania showed a methane emission rate 
of less than 1%35–37. In addition to spatial variation in emissions, analysis of recent measurements 
demonstrates that official methane emissions inventories such as the US Environmental Protection 
Agency (EPA) GHG Inventory underestimate methane emissions by 60%25,38. Yet, most LCA 
studies of natural gas and blue hydrogen typically use EPA GHG inventory estimates of emissions 
because of a lack of standardization in reporting across measurement studies39–42. To accurately 
estimate lifecycle emissions of blue hydrogen production in the US, it is critical to use 
measurement-informed emissions inventories29,43,44.  

Differences in supply chain methane emissions, although significant on their own, are just one of 
several key differences in emissions associated with the natural gas supply chain. For example, the 
degree of electrification affects the amount of grid-based electricity that is consumed across the 
supply chain at processing facilities and transmission compressor stations. The Marcellus shale 
basin, with a relatively high degree of electrification compared to the Permian basin, uses 
significantly more electricity to power major processes. However, because of the coal-heavy 
electricity grids in Ohio and West Virginia where much of the natural gas processing facilities are 
located, embodied emissions associated with the use of grid electricity is higher for the Marcellus 
basin compared to the Permian basin. Thus, modeling the GHG emissions intensity of hydrogen 
production using national average estimates is unlikely to be representative of any real-world 
hydrogen production facility in the US. 

In this work, we develop a geospatial lifecycle assessment model to create supply-chain specific 
estimates of the well-to-gate GHG emissions intensity of blue hydrogen production. We assume 
hydrogen is produced using steam methane reforming (SMR) techniques and include emissions 
associated with capture, transport, and sequestration of CO2 from the hydrogen production facility 
within lifecycle system boundaries. Our work represents two key advances: one, it creates a 
spatially explicit framework that helps assess the environmental impacts of supply chain specific 
hydrogen production, and two, it incorporates measurement informed GHG emissions inventory 
within the lifecycle framework that addresses systemic emissions underestimation in official 
inventory estimates. We demonstrate the impact of these two advances using case studies of blue 
hydrogen production in Ohio and Texas using natural gas derived from the Marcellus and Permian 
basin, respectively. With the 45V PTC being available for any hydrogen project over the next 
decade, whether the US creates a truly low-carbon hydrogen ecosystem will critically depend on 
our ability to accurately estimate project-based and supply-chain specific lifecycle GHG emissions 
intensity.  

Results 
 

Figure 1 shows the LCA boundary and relevant material flows through various life cycle stages. 
The functional unit for this analysis is 1 kilogram of hydrogen production, thus the results are 
given in units of kg CO2e/kg H2. Emissions are aggregated using 100-year global warming 
potential (GWP) for methane from the Sixth Assessment Report of the IPCC (20-year GWP 
analysis is presented in Table S2). In this analysis, we do not consider the GHG emissions impact 
of hydrogen leakage because our supply chain boundary ends at the hydrogen production facility. 
This choice enables our results to serve as a benchmark for the 45V PTC since the foundation for 
the tax credit provisions is a well-to-gate LCA that excludes emissions from hydrogen 
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transportation and use. Recent work on modeling global warming potential (GWP) of hydrogen 
has typically resulted in values between 1 and 1045,46. Analysis of hydrogen in end use sectors such 
as transportation or power generation should include hydrogen leakage from point of production 
through end use. 

 

Figure 1. Life cycle assessment boundary for blue hydrogen production pathways in this study, 
including material flows of crude oil (purple), natural gas (red), and natural gas liquids 
(orange). Carbon capture and sequestration and electricity use are show in green and yellow, 
respectively. 
 

Figure 2 shows the energy flows along the natural gas supply chain to produce 1 kg H2, accounting 
for all losses from methane emissions and flaring, and process fuel consumption. To produce 1 kg 
of H2, the input energy that must be extracted in the Permian basin is nearly 2.5 times that required 
in the Marcellus basin. 1 kg H2 produced using natural gas sourced from the Marcellus basin 
requires 317 MJ of energy extracted, corresponding to a supply chain energy conversion efficiency 
of 45%. By contrast, 1 kg of H2 produced using natural gas sourced from the Permian basin 
requires 788 MJ of energy extracted, corresponding to a supply chain energy conversion efficiency 
of 18%. The lower conversion efficiency in the Permian basin compared to the Marcellus basin 
can be attributed to two key factors: one, difference in resource composition resulting from co-
production of crude oil and natural gas liquids across the two basins, and two, differences in supply 
chain methane emissions. In the southwest Marcellus basin, co-products include dry natural gas 
and natural gas liquids (NGLs). In the Permian basin, co-products include crude oil, dry natural 
gas, and NGLs.  Because of the higher energy density of crude oil, much of the extracted energy 
from the Permian basin is embedded in crude oil, resulting in a lower energy conversion efficiency.  
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Figure 2. Energy flows of dry natural gas and co-products of crude oil and natural gas liquids 
across blue hydrogen production pathways using natural gas sourced from the (a) Marcellus 
basin, and (b) Permian basin. Losses correspond to methane emissions across the natural gas 
supply chain including leaks, venting, and flaring, and fuel consumption corresponding to gas 
use across various process stages. 
 

Figure 3 shows the difference in the life cycle GHG emissions intensity of blue hydrogen 
production from the Marcellus and Permian shale basins. Two scenarios are modeled for each 
production region: a base case scenario that considers CO2 capture from both the SMR by-product 
and fuel combustion required to operate the SMR plant and an SMR-only scenario that considers 
CO2 capture only from the SMR by-product but not CO2 emissions associated with fuel 
combustion to operate the SMR plant. These two scenarios are explicitly modeled because the two 
capture processes require different solvents to absorb CO2, thus requiring two different absorbent 
columns (methods).  

Results from the base case indicate that H2 produced from Marcellus gas has a life cycle 
emissions intensity of 3.3 kg CO2e/kg H2. By contrast, H2 produced from Permian gas has a life 
cycle GHG emissions intensity of approximately 7.4 kg CO2e/kg H2, over twice that of hydrogen 
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produced from Marcellus gas. For jurisdictions such as New York state that require the use of 20-
year GWP in environmental impact analysis, the life cycle emissions for the Marcellus and 
Permian-based blue H2 production increases to 6.4 and 16.9 kg CO2e/kg H2, respectively (see SI 
Tables S10 and S11 for 20-year and 100-year GWP-based emissions intensity). 

Life cycle GHG emissions intensity are higher for the SMR-only carbon capture scenario. 
Figure 3b shows the increase in life cycle GHG emissions without post-combustion CO2 capture. 
For the Marcellus gas based blue H2, the life cycle GHG emissions intensity increases by 45% to 
4.8 kg CO2e/kg H2. Similarly, life cycle GHG emissions intensity for the Permian-based blue H2 
production increases by 18% to 8.7 kg CO2e/kg H2. In both scenarios, we assume electricity 
emissions associated with average grid emissions factors in Texas and Ohio for the Permian and 
Marcellus-based supply chains, respectively. If hourly-matched zero carbon electricity is available 
to power the SMR and carbon capture plant, the life cycle GHG emissions intensity for the 
Marcellus and Permian-based H2 production decreases to 2.6 kg CO2e/kg H2 and 6.9 kg CO2e/kg 
H2, respectively, compared to the base-case scenario (see SI figure S3).  

There are two key root causes for the difference in emissions intensity between the two H2 
production supply chains: (1) higher upstream and midstream methane emissions in the Permian 
supply chain compared to the Marcellus supply chain, and (2) differences in product streams from 
the two basins. Recent top-down methane measurements in the Permian basin indicate a 
significantly higher average production-normalized emission rate compared to the Marcellus shale. 
Midstream emissions associated with transmission compressor stations are larger for the Permian 
basin because of the distance between the gas processing facilities in West Texas and demand 
centers in Southeast Texas, requiring more compressor stations to transport the gas (Methods). By 
contrast, the distance between the gas processing facility in Southwest Pennsylvania for the 
Marcellus basin is relatively closer to demand centers in Ohio, requiring fewer compressor stations 
for gas transport. Additionally, emissions from the natural gas supply chain are apportioned on an 
energy-based and product assigned allocation basis, which varies by basin because of differences 
in co-products. The Marcellus shale only produces dry gas and NGLs while the Permian basin 
produces crude oil, natural gas, and NGLs (methods). 



Non-peer-reviewed preprint submitted to Earth ArXiv 

Figure 3. Lifecycle GHG emissions intensity in kg CO2e/kg H2 associated with blue hydrogen 
production using natural gas from the Marcellus shale and Permian shale basin for (a) base 
case scenario with post-combustion CO2 capture and (b) without post-combustion CO2 capture. 
Emissions are disaggregated across life cycle stages (methane expressed in kg CO2e based on 
GWP of 100-year horizon from IPCC AR6). The dotted line represents the threshold emissions 
intensity to qualify for the clean hydrogen production tax credits in the Inflation Reduction Act. 

 

Impact of methane leakage and carbon capture rate on lifecycle blue H2 emissions intensity 

Recent measurement campaigns across the US have demonstrated that methane emissions 
vary by facility, operator, region, and basin, often by an order of magnitude. Because of large 
uncertainties in measurement-based methane emission estimates and efficiency of carbon capture 
processes, it is instructive to quantify the impact of these two key variables on emissions intensity 
of blue H2. This sensitivity analysis addresses two key challenges. First, it provides a quantitative 
tool to evaluate the eligibility of blue hydrogen for 45V PTC to determine benchmarks for methane 
emissions rate and carbon capture efficiency20. Second, it identifies trade-offs between reducing 
methane leakage or improving capture efficiency in reducing emissions intensity of blue H2, 
relative to green hydrogen. This addresses principal agent issues – the entity developing the blue 
hydrogen project may only have direct control over capture technology (and therefore capture 
efficiency) and will be unable to significantly reduce supply chain methane emissions in the 
absence of a robust, domestic differentiated gas market44.  

Figure 4 shows the effect of both methane emission rate and carbon capture efficiency on 
the total lifecycle GHG emissions of blue hydrogen production. Four scenarios are analyzed: (a) 
Marcellus gas-based hydrogen using average emissions intensity of electricity in Ohio, (b) Permian 
gas-based hydrogen using average emissions intensity of electricity in Texas, (c) Marcellus gas-
based hydrogen using hourly matched, zero-carbon electricity from wind, and (d) Permian gas-
based hydrogen using hourly matched, zero-carbon electricity from wind. The use of clean 
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electricity to run the blue hydrogen plants in Ohio and Texas increases the allowable design space 
of supply chain methane leakage and capture rate by reducing overall emissions intensity of blue 
H2.  Thus, eligibility for the 45V PTC in the IRA for blue hydrogen depends on three key variables: 
supply chain methane leakage, carbon capture rate, and carbon intensity of electricity. 

Figure 4. Impact of carbon capture rate (%) and supply chain methane emissions rate (%) on the 
life cycle GHG emissions intensity of blue hydrogen production from the Marcellus (left) and 
Permian basin (right). The dotted line represents the threshold of 4 kg CO2e/kg H2 to qualify for 
45V PTC in the IRA. The black dot represents the life cycle emissions of the base case scenario 
(pre- and post-combustion capture and use of grid electricity), and the stars represent the 
scenario without post-combustion carbon capture. Panels (a) and (b) assume electricity 
emissions based on average grid emissions factors, while panels (c) and (d) assume the 
availability of hourly matched, zero emissions clean electricity.  
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Results from the base case indicate that only blue hydrogen produced from gas derived 
from the Marcellus shale with an emissions intensity of 3.3 kg CO2e/kg H2 will qualify for the 
45V PTC, up to 20% of the maximum PTC of $3 per kg H2. Furthermore, blue hydrogen produced 
from the Marcellus shale does not qualify for any tax credits if the emissions from fuel combustion 
for the SMR are not captured. This increase in GHG emissions emphasizes the need for capturing 
not only the CO2 by-product from SMR but also the CO2 resulting from fuel combustion; 
otherwise, hydrogen from the Marcellus case is unlikely to quality under this tax credit provision. 
The use of hourly-matched clean electricity further reduces the emissions intensity of Marcellus 
gas based blue H2 to 2.6 kg CO2e/kg H2, making it eligible for at least 20% of the maximum PTC. 
Efforts to reduce supply chain methane leakage to about 0.5% – as some recent studies have shown 
– could further reduce emissions intensity to between 0.45 and 2.6 kg CO2e/kg H2. This would 
allow Marcellus gas based blue H2 projects to be eligible for up to 33% of the maximum PTC.  

By contrast, Permian gas based H2 does not qualify for the H2 PTC in the IRA in any of 
the three scenarios: base case, no post-combustion CO2 capture, and clean electricity use. The only 
scenario where hydrogen produced from natural gas sourced from the Permian basin could qualify 
for tax credit provisions is if the total production-normalized supply chain methane emissions rate 
is reduced to 2% or less, depending on overall CO2 capture rate. Furthermore, there is no scenario 
that only increases capture efficiency without addressing supply chain methane emissions that 
would make Permian gas based blue H2 eligible for 45V PTC. Thus, entities that want to develop 
blue H2 facilities in the Gulf Coast using gas sourced from the Permian basin will need 
comprehensive strategies to address supply chain methane emissions.  

In both the Marcellus and Permian gas based blue hydrogen, it is unlikely that any project 
will be eligible for the maximum PTC in the IRA of $3/kg H2, which requires an emissions 
intensity below 0.45 kg CO2e/kg H2. Achieving this in the context of blue H2 production requires 
advanced monitoring, widespread electrification, and large-scale equipment replacement programs 
in developing near-zero methane leakage across natural gas supply chains.  

Comparison of life cycle GHG emissions from blue hydrogen production with other 
hydrogen production pathways 
 

Figure 5 shows a comparison of life cycle GHG emissions intensity of blue hydrogen from 
this study with other hydrogen production pathways in the literature47–54. Green or zero-carbon 
hydrogen has some of the lowest GHG emissions intensity due to the use of electrolysis powered 
by renewable energy to produce hydrogen. However, these low emissions are a function of the 
electricity generation mix and hourly matching constraints powering the electrolysis. For example, 
if the electrolyzers are connected to the local electric grid, GHG emissions will depend entirely on 
the average emissions intensity of the location-specific grid mix. Kleijne et al. argued that 
electrolyzers obtain power from the average power mix of the grid that it is connected to unless 
additional renewable energy capacity is guaranteed48. Recent analyses have argued for stringent 
US Treasury guidelines for clean hydrogen including hourly matching of electrolyzer energy needs 
with additional clean energy deployed for hydrogen production24. We estimate the emissions of 
grid-connected, electrolyzer-based hydrogen production in both Ohio and Texas to compare it to 
our case studies. Emissions from grid-connected hydrogen production are 30.3 kg CO2e/kg H2 in 
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Ohio and 21.5 kg CO2e/kg H2 in Texas, which are significantly higher than blue hydrogen 
produced in these states. These high emissions intensities for grid-connected hydrogen production 
arise from the high energy needs of the electrolysis process, estimated to be about 55 kWh/kg H2. 

Emissions of green hydrogen produced from 100% renewables can also depend on the type 
of renewable source; for instance, hydrogen produced with wind power and photovoltaic (PV) 
cells have life cycle GHG emissions of 0.55 and 4.4 kg CO2e/kg H2, respectively. These life cycle 
emissions include the emissions associated with the manufacturing of wind turbines or solar cells. 
The only hydrogen production technology that is comparable to green hydrogen produced with 
wind power in terms of low life cycle GHG emissions is hydrogen produced with nuclear energy47.  

Currently, fossil fuels dominate hydrogen production since they constitute approximately 
96% of the global feedstock used for hydrogen production. However, emissions associated with 
brown and grey hydrogen are substantially higher than those from clean energy and nuclear-based 
hydrogen. Hydrogen produced from fossil fuels without carbon capture have emissions intensity 
between 10 – 30 kg CO2e/kg H2 due to the release of CO2 from SMR into the atmosphere. 
Similarly, coal-based hydrogen has one of the highest emissions intensities in the literature of 25 
kg CO2e/kg H2, similar to the highest gas-based hydrogen production52.  For gas-based hydrogen 
production to be eligible for carbon credits, it requires either effective methane emission mitigation 
and high capture efficiency (blue hydrogen) or the use of methane pyrolysis53. Indeed, recent 
studies have shown that low-carbon blue hydrogen and green hydrogen production can be cost-
competitive with carbon-intensive gray hydrogen55. Our work demonstrates that the low emissions 
feature of blue hydrogen is highly location specific and must be carefully assessed on a project-
by-project basis.  

 
Figure 5. Comparison of life cycle GHG emissions intensity of various hydrogen production 
technologies from existing literature in comparison with results from this study. The dotted line 
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represents the 4 kg CO2e/kg H2 threshold to qualify for clean hydrogen production tax credits in 
the Inflation Reduction Act. 
 
Discussion and Conclusions 

In this work, we developed a geospatial LCA of blue hydrogen production pathways using 
natural gas sourced from the Marcellus and Permian basin. We demonstrate the impact of spatial 
differences in GHG emissions across US natural gas supply chains on lifecycle emissions intensity 
of blue hydrogen production. Thus, eligibility for the hydrogen 45V PTC in the IRA – which is 
based on a lifecycle emissions intensity calculation – should be project-specific and location 
dependent to ensure tax credits go to truly low-carbon projects.  We draw three primary 
conclusions from our analysis. 

Location matters. Recent evidence from direct measurements across the oil and gas supply 
chain demonstrates the large spatio-temporal variation in methane emissions. These emissions 
directly affect the life cycle GHG emissions intensity of blue hydrogen – results from our study 
indicate at least a 2x difference between the Permian and Marcellus basins. Crucially, using a 
nationally averaged methane emission rate to determine average GHG emissions intensity of blue 
H2 production is unlikely to be representative of any blue H2 production facility. Guidelines to 
determine eligibility for H2 PTC should be based on regional or basin-specific modeling of the 
supply chain for natural gas. Significant expansion in methane measurement campaigns across the 
US over the past decade has made data on basin-specific emissions estimates readily available. 
Updating conventional LCA models such as GREET or National Energy Technology Laboratory’s 
liquefied natural gas LCA model using basin-specific, measurement-informed emissions inventory 
can enable analyses of blue H2 production pathways that are representative of US operations.  

Levers available to blue hydrogen project developers to reduce emissions vary by location. 
In theory, there are three levers to reduce emissions intensity of H2 production – supply chain 
methane emissions, capture efficiency, and electricity source for hydrogen production. However, 
the importance of these levers varies by location. In the Marcellus basin with relatively low 
methane emissions, all three levers can meaningfully reduce emissions with the most impact 
attributable to the use of clean electricity instead of grid electricity to power the SMR facility (coal 
is a significant part of the grid mix in Ohio). However, in the Permian basin, no amount of clean 
electricity or improved capture efficiency can mitigate the effects of high supply chain methane 
emissions. Thus, without significant reductions in supply chain methane emissions in the Permian, 
blue hydrogen will not be a low-carbon hydrogen production pathway.  

Counterfactuals dictate relative advantages of blue hydrogen over other methods of 
producing hydrogen. In the Marcellus basin, blue hydrogen has a significantly lower lifecycle 
GHG emissions intensity compared to grid-based electrolysis given that coal is a significant source 
of electricity. As recent work suggests, electrolysis – with its high energy requirements – is only 
low carbon under strict conditions of hourly matching and clean energy additionality. In a world 
where hydrogen demand is high, the choice of production pathway should be based on a localized 
and relative analysis of available deployment options. In some regions such as the Marcellus where 
abundant and low-emission natural gas is readily available, blue hydrogen could be a viable 
pathway, while regions in the Southwest with abundant solar potential would be better served with 
hourly matched electrolysis-based hydrogen production. Finally, blue hydrogen could be a viable 
alternative only in natural gas producing regions where infrastructure is already in place and if the 
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life cycle GHG emissions are lower than other technologies. Given long infrastructure timelines 
associated with pipelines and other natural gas infrastructure, pathways that rely on clean 
electricity may present a faster option for low-carbon hydrogen production in regions that do not 
have existing natural gas infrastructure.  

Limitations of this study have been discussed throughout this analysis. In addition, we 
conclude by emphasizing the need for continued updates to analyses of the GHG emissions 
intensity of blue hydrogen projects. Methane emissions from the oil and gas supply chain will 
rapidly decline because of several factors over the next decade – state and federal regulations, 
methane fees in the Inflation Reduction Act, voluntary monitoring, reporting, and verification 
(MRV) initiatives, and growing interest from investors, insurance firms, and civil society. With 
rapid developments in emissions monitoring technology, it is imperative to develop timely, 
transparent, and measurement-based estimates of supply chain methane emissions to continually 
evaluate the GHG intensity of blue hydrogen relative to other production pathways. Blue hydrogen 
facilities that may not be eligible for the PTC today may become eligible tomorrow if reductions 
in supply chain methane emissions can be credibly verified. 
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Methods 

Key assumptions 
The analysis of blue hydrogen GHG life cycle assessment (LCA) presented here 

incorporates measurement-informed methane emissions across the natural gas supply chain. 
Aggregating data across all publicly available emissions estimates, we calculate a production 
through transmission methane emission rate of 1.25% for the Marcellus basin and 4.95% for the 
Permian Basin. These are explained in greater detail below and further in the SI. Furthermore, the 
base case blue hydrogen supply chain considers a carbon capture rate of 96.2% with two solvent 
units from Lewis et al.56: pre-combustion and post-combustion capture. The pre-combustion 
carbon capture achieved by methyl diethanolamine (MDEA) captures CO2 from the by-product 
generated by the SMR reaction, while the post-combustion capture accomplished using Shell’s 
Cansolv solvent absorbs the CO2 generated by fuel combustion. As a result, the overall carbon 
capture efficiency increases by implementing these two absorption processes.  Transmission 
compressor stations are assumed to be operated using reciprocating engines since approximately 
78% of the compressors in the U.S. are the reciprocating type57. 
 

Emissions Allocation  
Conventional LCA protocols as defined by ISO 14040 rule require emissions allocation among 
different co-products when there is more than one output flow58. We use a bulk, energy-based and 
product-assigned allocation method, which allows for consideration of the different streams 
produced in each facility type59–61. In the Permian basin, emissions are allocated between crude oil 
and produced gas in the production stage – these values are typically reported at the facility level 
to relevant state and federal regulatory agencies. The produced gas is a high-pressure fluid mixture 
that contains natural gas and natural gas liquids (NGLs). However, NGLs are only separated at the 
processing stage. Thus, a second emissions allocation is done at the processing stage between dry 
natural gas used for hydrogen production and NGLs. Similarly, although no crude oil is produced 
in the Marcellus shale basin, emissions are allocated between dry natural gas and NGLs at the 
processing stage. Table S3 summarizes the proportion of GHG emissions allocated to different 
products in each stage of the hydrogen supply chain. 
 
Incorporating top-down methane measurements into LCA framework  
Methane emissions across the natural gas supply chain is estimated based on data from publicly 
available peer-reviewed studies. Across all stages, top-down methane emissions measurements 
such as those obtained using aerial surveys or satellites is used to estimate measurement-informed 
emissions inventory for each stage. For the production and gathering and boosting stage of the 
supply chain, data from top-down aerial field campaigns and satellites are aggregated and averaged 
to generate a production-normalized methane emission rate for each basin. Data for processing 
and transmission stages are obtained from a combination of facility-specific operational data and 
top-down measurement field campaigns. In all measurement-informed inventory estimates, 
emissions below the detection threshold of the measurement instrument were included when the 
original studies only report on measured emissions.   Detailed estimates are provided below where 
each supply chain stage is discussed individually. Additional information is provided in the SI. 
Tables S3 and S4 show the estimated methane emissions using data from these studies.  
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Blue Hydrogen Life cycle assessment (LCA)  
 
We develop a model for a well-to-gate life cycle assessment (LCA) for blue hydrogen with system 
boundaries that include drilling and completion of a well through the capture, compression, and 
injection of CO2 in the subsurface. This assessment excludes emissions associated with hydrogen 
transportation to the end user and assumes that the hydrogen production facility is located near 
demand centers and will not require extensive hydrogen transportation networks. This assumption 
enables our results to serve as a benchmark for the 45V PTC since the foundation for the tax credit 
provisions is a well-to-gate LCA that excludes emissions from hydrogen transportation and use. 
Thus, potential GHG impacts from hydrogen leakage are neglected in this study. The functional 
unit of our LCA is 1 kg H2 – all mass units are converted to energy units using higher heating 
values (HHV) to track various co-products across the supply chain. LCAs are informed by a Life 
Cycle Inventory (LCI) conducted in accordance with standard ISO guidelines for life cycle 
assessments58. Detailed information on supply chain emissions inventory and all relevant 
equations are available in methods and the Supplementary Information (SI section S11).  

 
Emissions across different stages of the supply chain are estimated through a detailed life 

cycle inventory (LCI) that considers all material and energy inputs to each stage. Both the flow of 
fuels and emissions are tracked throughout the supply chain including (1) CO2 emissions resulting 
from the combustion of fuels including natural gas and diesel, (2) CH4 emissions from the natural 
gas supply chain, and (3) emissions associated with the electric grid used to power SMR and 
carbon capture and storage. The following sections describe key data sources and assumptions 
associated with estimating CO2 and CH4 emissions at each stage of the LCA. Each section also 
describes differences in assumptions and data sources between the Marcellus and Permian supply 
chains.  
 
Drilling and completions 

Methane emissions associated with drilling were estimated from a top-down aerial survey 
in southwestern Pennsylvania, which determined a methane mass flow rate of 34 g/s per well from 
a well pad in the drilling phase, occurring for an average of 22 days of drilling efficiency of typical 
unconventional wells62. During well completion, a mixture of reservoir gas, water and slick water 
with proppant flows back to the surface to a separator, after which natural gas is sent to a flare 
with an assumed 98% destruction efficiency, and to open tanks, where it is vented. These volumes 
of vented gas are considered in our analysis based on direct source methane measurements with 
an infrared camera done specifically for well completion flowbacks in the Appalachian and Gulf 
Coast regions by Allen et al63. 

Diesel is used for drilling and fracking, which releases CO2 into the atmosphere during 
combustion. The LCI for this process is informed by the operational parameters presented in 
Mallapragada et al.64 for the Marcellus basin. No public data were found for fuel use to drill and 
fracture a well in the Permian basin, so parameters for fuel use from the Bakken and the same 
operator were used to account for these emissions65. The use of data from the Bakken shale basin 
as a proxy for the Permian basin drilling is justified because the fuel for drilling is a function of 
the well’s total depth. The average total depth of 14,628 ft for unconventional wells in the Bakken 
shale (Williston basin) is comparable to the average total depth for unconventional wells in the 
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Permian basin of 12,177 ft66. On the other hand, the average total well depth in the Appalachian 
basin, where the Marcellus is located, is 7,947 ft66.  

 
Production and gathering & boosting  

Once the well has been completed, it enters the production stage. Here, produced oil is 
gathered within a pipeline network to be sent to refineries and natural gas is compressed and 
transported to gas processing plants. The analysis for the Marcellus shale is based on the 
southwestern region, which is known for producing wet gas. In contrast, most of the Permian basin 
produces oil and associated gas with a gas-oil-ratio (GOR) less than 4,000 scf/bbl67. This means 
that for the production stage all the emissions in the Marcellus shale correspond to produced 
natural gas (dry natural gas and natural gas liquids), while the emissions in the Permian basin must 
be allocated between crude oil and produced natural gas. The energy flows at this stage include 
(1) fuel consumption and (2) gas loss or emissions due to methane leakage, liquids unloading and 
flaring. 

 
In oil and gas facilities, a percentage of natural gas that flows through a facility is used as 

fuel to power gas-driven equipment. For production and gathering and boosting facilities in the 
Marcellus, this percentage is estimated to be 2.32% unit volume of fuel gas per unit volume of 
throughput based on field data from Mallapragada et al64. For the Permian basin, this ratio is 
estimated to be 5.02%, according to Roman-White et al39. The higher fraction of natural gas used 
in operations in the Permian is a result of the lesser degree of electrification compared to the 
Marcellus basin.  

 
CO2 emissions from fuel combustion is given by: 
 

𝐶𝑂!"#$%	'()*#+,-(. = 		𝐹𝑢𝑒𝑙	𝑢𝑠𝑒 ∙ 𝑚/0+	,12(#/13#, ∙ 	𝐶𝑂!	𝑒𝑚𝑖𝑠𝑠𝑖𝑜𝑛	𝑓𝑎𝑐𝑡𝑜𝑟	 

Where:  
𝐹𝑢𝑒𝑙	𝑢𝑠𝑒 = Percentage of gas throughput used as fuel (unit volume fuel gas/unit volume 
throughput - %)  
 𝑚/0+	,12(#/13#, = Mass of gas throughput (kg) 
𝐶𝑂!	𝑒𝑚𝑖𝑠𝑠𝑖𝑜𝑛	𝑓𝑎𝑐𝑡𝑜𝑟  = kg CO2 emitted per kg NG burned (2.69 kg CO2/kg NG) 
 

Measurement-informed methane emissions was calculated by aggregating data from peer-
reviewed studies that conducted top-down methane measurements (aerial surveys and satellite-
based observations). These estimates were then converted it into production normalized emission 
rate in the Marcellus and Permian basin (SI tables S3 and S4). Methane emissions for each LCA 
stage is given by: 

𝐶𝐻4	𝑒𝑚𝑖𝑠𝑠𝑖𝑜𝑛𝑠 = 𝐴𝑣𝑔	𝐶𝐻4	𝑒𝑚𝑖𝑠𝑠𝑖𝑜𝑛	𝑟𝑎𝑡𝑒 ∙ 𝑚/0+ ∙ 𝜒564 ∙ 𝐺𝑊𝑃							(1)	 

Where: 
𝐴𝑣𝑔	𝐶𝐻4	𝑒𝑚𝑖𝑠𝑠𝑖𝑜𝑛	𝑟𝑎𝑡𝑒  = Average production-normalized methane emissions rate (%) 
𝑚/0+ = Mass of gas required per stage to produce 1 kg H2 (kg) 



Non-peer-reviewed preprint submitted to Earth ArXiv 

𝜒564 = Mass fraction of methane in raw natural gas (for production and processing) and pipeline 
quality gas (for transmission and SMR) 
𝐺𝑊𝑃 = Global Warming Potential (kg CO2e/kg CH4) 

Gas composition varies depending on the supply chain stage. Tables S6 and S7 show the 
gas composition of produced gas in the Permian and Marcellus basin, respectively64,68.   

Liquids unloading was also considered as an intermittent source of methane emissions. Not 
all wells require liquid unloading during their lifetime or have unloading that cause emissions. 
Furthermore, only wells with non-plunger systems result in methane emissions being vented to the 
atmosphere. As a reference, only 13% of gas wells in the U.S. in 2012 vented gas resulting in 
emissions from liquids unloading69. For this study, one liquid unloading event with emissions per 
well is considered. Data from liquid unloading in the Appalachian and Permian basins from Zaimes 
et al.66 was used to estimate emissions associated with liquid unloading.  

Producing wells often flare some volume of gas when the fields do not have the necessary 
infrastructure to further process gas. We assume a flare destruction efficiency of 98%, following 
EPA guidelines for well operated flares. Direct measurements of flare destruction efficiency by 
Caulton et al.70, where the authors sampled flares in Pennsylvania and North Dakota with an 
airborne sensor, concluded that all the flares functioned with an efficiency of >99.8%. These 
emissions are embedded in the top-down methane measurements previously mentioned in the main 
text and are not considered separately in the LCI to avoid double counting. However, CO2 
emissions from flares are included separately as field campaigns only measure methane emissions. 
Data from the satellite-informed tool SkyTruth71 shows that the volume of gas flared in the 
Permian is higher than that being flared in the Marcellus. In addition, no publicly available data 
was found regarding how much volume of gas is flared from wells in routine production – recent 
studies indicate that flare volumes depend on several basin-specific factors such as pipeline 
takeaway capacity, price of natural gas and crude oil, and demand72. Only Marcellus data for 
flaring during well completions was found and these emissions were included in the previous 
section. Furthermore, a recent analysis by Rystad Energy and the Environmental Defense Fund73 
concluded that flaring intensity in the Permian is about 1%.  

Natural gas processing 

Gas processing allows for the separation of produced gas into two product streams: natural 
gas liquids (NGLs) and dry natural gas. The energy allocation for this stage is achieved based on 
the NGL yield for each region, which is the ratio of barrels of NGL to the volume of produced 
natural gas. The Energy Information Administration (EIA)74 reported that the Northern 
Appalachian basin, where the Marcellus shale is located, has a NGL yield of 72 bbl/MMscf on 
average, whereas the Permian basin generates a higher yield of 95 bbl/MMscf due to the larger 
percentage of heavier hydrocarbons. During processing, energy from NG flows as (1) produced 
gas condensed to NGL, (2) fuel consumption, and (3) gas loss or emissions due to methane leakage.  

The fuel consumption ratio for the Marcellus and Permian basin is estimated to be 0.19% 
and 2.3%, respectively, based on available data from the literature64,68,75. The only source of 
methane emissions in this stage is from the methane leakage from equipment. Tables S3 and S4 
provide details about the data used to estimate an average methane leakage rate. Gas compositions 
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are obtained from  Mallapragada et al.64 and Contreras et al.68 for the Marcellus and Permian 
basins, respectively.  

Natural gas transmission  

Since the transmission network only transports natural gas with specific quality 
requirements, all emissions correspond to natural gas only and there is no emissions allocation in 
this stage. The energy flows in this stage include (1) fuel for compressors and (2) gas loss or 
emissions due to methane leakage.  

 
The compressors in this study are assumed to be gas-driven reciprocating engines. 

Approximately 78% of compressors in the U.S. are reciprocating engines, 19% are centrifugal 
engines and 3% are electrical centrifugal engines57. Fuel consumption is directly proportional on 
the number of compression stations as volumes are assumed to be constant for a steady state blue 
hydrogen production. Furthermore, the number of compressor stations is a function of the 
transmission distance from the gas producing region to the demand point. For the Marcellus shale, 
the demand center is assumed be located in Ohio76. For the Permian basin, Houston is likely to 
have demand for hydrogen in the short or medium term. For this analysis, an average of one 
compressor station is considered to transport gas from the southwest Marcellus shale to Ohio and 
five compressor stations to transport gas from the Permian basin to Houston (SI section Sx). The 
number of compressor stations was estimated based on the assumption that the average distance 
between transmission compressor stations in the US is about 75 miles57 and direct mapping of 
individual stations from the Homeland Infrastructure Foundation-Level Data (HIFLD). The energy 
associated with fuel required for operating compressor stations is given by: 

𝐸"#$% =	
42.418 ∙ 60	 ∙ 𝑝 ∙ 𝑡(3

𝜂 	 ∙ 𝑛	#.-,+ ∙ 𝑛	+,0,-(.+						(2)	 

Where:  
𝐸"#$% = Energy required from fuel for each compressor station (BTU/yr) 
𝑝  = reciprocating engine power (hp) 
𝜂  = reciprocating engine efficiency (dimensionless) 
𝑡(3 = operating hours (hrs/year) 
𝑛	#.-,+ = number of compressor units per compressor station  
𝑛	+,0,-(.+ = number of compressor stations 

Compressor stations also emit methane emissions through methane slip from the engines 
and other fugitive and vented emissions. The same top-down studies that conducted methane 
measurements for the production and processing stages also included measurements from select 
compressor stations. In addition, Zimmerle et al.77 estimated a mean production-normalized gas 
leakage of 0.22% for transmission compression stations with reciprocating engines. We aggregate 
data from all publicly available studies on methane emissions from compressor stations, and 
account for emissions from pipeline leaks and venting, which is 0.03% of gas throughput77. 
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Hydrogen production via SMR with CO2 capture and compression 

The technology for hydrogen production included in this study is Steam Methane 
Reforming due to its efficiency, economic viability, and commercial readiness. There are two 
chemical reactions that govern this process:  

1) SMR reaction: 𝐶𝐻4 + 𝐻!𝑂 → 	3𝐻! + 𝐶𝑂  

2) Water-gas shift (WGS) reaction: 𝐶𝑂 + 𝐻!𝑂 →	𝐻! + 𝐶𝑂! 

This LCA includes the capture and compression of (1) the CO2 by-product generated by 
the SMR reaction and (2) the CO2 generated from fuel combustion. Lewis et al.56 modeled the 
flows of feedstocks and fuels for the SMR process with CO2 capture at each stage. The authors 
used the Aspen Plus modeling platform to simulate the mass and energy flows for different 
hydrogen plant designs on a steady-state basis. The plant configuration utilized in our work is an 
SMR plant with both pre-combustion and post-combustion CO2 capture. HHV of hydrogen is used 
to calculate the energy required to produce 1 kg H2 because the efficiency for SMR used for this 
analysis is equal to 72.1% on an HHV basis56.  Two solvent systems are needed to accomplish 
both types of capture in the same plant. Pre-combustion capture absorbs the CO2 generated as a 
by-product from the SMR reactions, while post-combustion capture absorbs the CO2 generated 
from the combustion of the natural gas that is used as a fuel to power SMR operations. Methyl 
diethanolamine (MDEA) is used for the pre-combustion CO2 capture, which is located before the 
final stage of SMR (pressure swing adsorption). The syngas from the steam reformer flows through 
the MDEA column, where CO2 is absorbed. On the other hand, the post-combustion capture uses 
Shell’s Cansolv solvent, which removes CO2 from the reformer heater stack, and reduces the CO2 
emitted from the combustion of the natural gas used as a fuel. The previously mentioned 
operational parameters assume an overall carbon capture efficiency of 96.2% following both pre-
combustion and post-combustion capture.  

Based on the following equations from McCollum and Ogden78 the power required to 
compress CO2 in its gaseous form and pump it when it reaches a supercritical state at 
approximately 7.38 MPa, is estimated. Table SX in the SI shows typical CO2 compressibility and 
ratio of specific heats for each compression state.  

𝑊+,- = K
1000

24 ∙ 3600L K
𝑚	𝑍+𝑅	𝑇-.
𝑀	𝜂-+

L K
𝑘+

𝑘+ − 1
L S(𝐶𝑅)

8!
8!9: − 1T								(3)		 

𝑊+,,(,0% = 𝑊+,: +𝑊+,! +𝑊+,; +𝑊+,4 +𝑊+,<							(4)	 

𝑊3 = K
1000 ∙ 10
24 ∙ 36 L U

𝑚	(𝑃"-.0% − 𝑃'#,9("")
𝜌	𝜂3

W							(5) 

Where: 
𝑊+,- = Compression power requirement for each individual stage (kW) 
𝑚  = CO2 mass flow rate to be transported to injection site (tonnes/day) 
𝑍+ = Average CO2 compressibility for each individual stage (dimensionless) 
𝑅 = Gas constant (kJ/kmol-K) 
𝑇-. = CO2 temperature at compressor inlet (K) 
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𝑀 = Molecular weight of CO2 (kg/kmol) 
𝜂-+ = Isentropic efficiency of compressor (dimensionless) 
𝑘+ = Average ratio of specific heats of CO2 for each individual stage Cp/Cv (dimensionless) 
𝐶𝑅 = Compression ratio of each stage (dimensionless) 
 𝑊+,,(,0% = Total combined compression power requirement for all stages (kW) 
𝑃"-.0% = Final pressure of CO2 for pipeline transport (MPa) 
𝑃'#,9("" = Pressure at which compression changes to pumping (MPa) 
𝜌 = Density of CO2 during pumping (kg/m3) 
𝜂3 = Efficiency of pump (dimensionless) 

The total power requirement for a plant configuration of SMR with CO2 capture and 
compression integrated as described above is 26,893.6 kW or 1.34 kWh/kg H2. The power required 
for SMR and CO2 capture was obtained from Lewis et al.56 and the power requirement for CO2 
compression and pumping for supercritical CO2 was calculated using equations 3 – 5. The 
normalized SMR power is 0.35 kWh/kg H2, which is 26% of the total power and for CO2 handling 
(i.e., both capture and compression) is 0.98 kWh/kg H2, equal to 74% of the total power.  

Emissions from the electric grid vary for different supply chains based on the location of 
the SMR facility. According to the latest data from the Emissions & Generation Resource 
Integrated Database (eGRID) from the Environmental Protection Agency (EPA), the state of Texas 
has an average electricity emissions factor of 0.39 kg CO2e/kWh, whereas Ohio has electric grid 
emissions factor of 0.55 kg CO2e/kWh. 

 
CO2 transportation and injection 

We also estimated the pipeline distance from the CO2 capture and compression facility to 
the closest CO2 injection well with ArcGIS. However, the exact location of CO2 pipelines was not 
available for the locations in our study, so the calculated distance is based on the location of the 
available CO2 injection wells. The power requirement to pump CO2 through this distance and the 
power required to inject CO2 based on injection pressure needed are calculated based on equation 
5. An estimate of the injection pressure is based on the normal pressure gradient of 0.433 psi/ft 
and the depth of the candidate formations for CO2 storage for each case79,80. 

The supercritical CO2 must be pumped to the CO2 injection site. The estimated pressure 
drop along CO2 pipelines is 0.13 MPa/mile, according to NETL. The CO2 pressure at the injection 
site is given by: 

𝑃5=!	 = 𝑃"-.0% − (∆𝑃>2(3 ∙ 𝑑)							(6)	 

Where:  
𝑃5=!	 = CO2 pressure at injection site (MPa) 
𝑃"-.0% = Final CO2 pressure after pumping (MPa) 
∆𝑃>2(3 = Pressure drop along CO2 transportation pipeline (MPa/mile) 
𝑑  = Distance between the hydrogen plant and the CO2 injection site (miles) 
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An estimate of the injection pressure assuming a normal hydrostatic pressure gradient of 
0.433 psi/ft and an average depth of formations for CO2 sequestration based on the literature79,80 
can be determined by:  

𝑃-.? =	
1
145	 ∙ ∆𝑃/ 	 ∙ 𝐷							(7)	 

Where:  
𝑃-.?  = Injection pressure (MPa) 
∆𝑃/ = Normal hydrostatic pressure gradient (0.433 psi/ft)  
𝐷 = Depth of formation for CO2 sequestration (ft) 
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S1. Tax credit tiers established by the Inflation Reduction Act 

The Inflation Reduction Act (IRA) in the United States includes tax credit provisions for 

clean hydrogen production1. This federal law defines clean hydrogen as “hydrogen which is 

produced through a process that results in a lifecycle greenhouse gas emissions rate of not greater 

than 4 kilograms of CO2e per kilogram of hydrogen”. Section 45V of the Inflation Reduction Act 

presents the criteria shown in Table S1 to determine the percentage of tax credit that an entity can 

claim when producing clean hydrogen.  

Table S1:  Production Tax Credit (PTC) applicable percentages and credit amount per kg H2 
based on life cycle GHG emissions intensity. 

Life cycle GHG emissions 
rate (kg CO2e/kg H2) 

Applicable percentage 
(%) 

Credit amount ($/kg 
H2) 

2.50 – 4.00 20.0 0.60 
1.50 – 2.50 25.0 0.75 
0.45 – 1.50 33.4 1.00 

< 0.45 100.0 3.00 

 

S2. Life Cycle Inventory (LCI) 

Life cycle assessment (LCA) models are informed by a Life Cycle Inventory (LCI), that 

represent all inputs necessary to describe energy and material flows through the life cycle and is 

defined by the International Standards Organization (ISO) 14040 standard2. Emissions across 

different stages of the supply chain are estimated through a detailed life cycle inventory (LCI) that 

considers all material and energy inputs to each stage. The complete LCI for the case studies 

presented here can be found section S11.   
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S3. Geospatial data of natural gas supply chains 

The case studies developed in this research are based on the Marcellus shale and the 

Permian basin because these basins have the highest dry shale gas production in the United States3, 

which is the main feedstock for blue hydrogen. Since the scale up of hydraulic fracturing in the 

2010s, the U.S. has experienced a rapid growth of shale gas exploitation. Shale gas accounted for 

80% of the total dry gas production in the U.S. in 2022, according to the EIA4.  

The Marcellus shale is characterized for being a gas-rich region with two distinct sub-

regions – the Northeast Marcellus includes wells that mostly produce dry gas while the Southwest 

Marcellus includes wells that produce liquids-rich gas. Oil production is negligible in the region, 

with a few wells producing less than bbl/MMscf 5. Natural gas facilities in the Marcellus shale and 

existing hydrogen plants are displayed in Figure S1.  

 

 

Figure S1.  Distribution of facilities in the Marcellus shale and location of H2 plants in Ohio. Map 
created in ArcGIS. 

Table S2 summarizes the geographic parameters used in the study for the case of blue hydrogen 

produced with natural gas sourced from Marcellus shale basin. 
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Table S2.  Location and pipeline distance between facilities considered in the Marcellus shale 
case study.  

Type of facility Latitude Longitude 
Pipeline distance 

to next facility 
(mi) 

Ref. 

Gas processing plant 40.260 -80.260 56.82 6 
Compressor station 40.825 -80.756 53.04 7 
H2 production plant 41.010 -81.610 24.45 8 
CO2 injection well 40.900 -81.280  9 

Distance between gas 
processing plant and H2 

plant 
  110 10 

 

The Permian basin is located in western Texas and eastern New Mexico, and it is known 

to be the most prolific gas producing region in the United States. As of 2023, the Permian basin 

produces approximately 22 Bcf/d of gas and 5.6 MMbbl/d11. There are three sub-basins in the 

Permian: Delaware basin, Midland basin, and Central basin Platform12. Most of the wells in this 

basin produce oil with a GOR below 4,000 scf/bbl and only a small percentage of the wells have 

a GOR greater than 8,000 scf/bbl13. Furthermore, figure S2 shows a current snapshot of the 

distribution of natural gas assets in the Permian basin and existing hydrogen plants in Houston. 
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Figure S2.  Distribution of facilities in the Permian basin and location of H2 plants in Houston, 
TX. Map created in ArcGIS. 

 

Table S3 summarizes the geographic parameters used in the study for the case of blue hydrogen 

produced with natural gas sourced from the Permian shale basin. 

Table S3.  Location and pipeline distance between facilities considered in the Permian basin 
case study.  

Type of facility Latitude Longitude 
Pipeline distance 

to next facility 
(mi) 

Ref. 

Gas processing plant 30.300 -100.650 211.08 6 
Compressor station 28.712 -97.675 30.04 7 
Compressor station 29.012 -97.146 69.21 7 
Compressor station 29.533 -96.144 45.82 7 
Compressor station 29.968 -95.485 28.89 7 
H2 production plant 29.760 -95.370 6.85 8 
CO2 injection well 29.650 -95.400  14 

Distance between gas 
processing plant and H2 

plant 
  385.04 10 
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S4. Top-down vs. bottom-up approaches to estimate methane emissions  

Methane is emitted along different equipment and processes of the natural gas supply 

chain. Methane emissions can be modeled by two different approaches: top-down (TD) and 

bottom-up (BU) measurements. TD estimates are taken by airborne systems or satellites at a 

regional scale in a delimited study area. These measurements are based on atmospheric sampling 

and the use of atmospheric dispersion or transport models to estimate an emission flux15. Aerial 

surveys fly an aircraft upwind and downwind of the delimited area and then performing a mass 

balance, i.e., estimating the difference of methane mole fraction among both passes and calculating 

a mass flow rate of methane. This approach corrects for outside factors such as wind speed and 

direction16. 

Conversely, BU estimates are calculated by measuring the emission factor of a single 

equipment and scaling this measurement up by the number of such devices in a specific field or 

facility, i.e., multiplying an emission factor by an activity factor16. This BU approach informs 

emission inventories17. Typically, the emission factors are an average of each type of device; 

however, this factor needs to accurately represent the behavior of the rest of the equipment 

population, otherwise, the emissions would be miscalculated. Nevertheless, there are some cases 

in which the emission factors might not be representative of the population, the activity count 

might not be up-to-date or both values of emission factors and activity count might be used as an 

average for a variety of facilities in different locations. All these circumstances can introduce bias 

to the calculation of methane emissions in a specific facility.  

S5. Top-down studies in the Permian basin 

Currently, oil and gas operations in the Permian basin have been under scrutiny due to the 

increase in flaring and venting 18,19 so the TD studies in this area are novel. This work uses the data 

published by two peer-reviewed papers: Chen et al.20 and Zhang et al.18. These studies are the most 
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recent in the Permian basin and provide sufficient data to estimate methane emission rates for three 

LCA stages considered in this research: production, processing, and transmission.  

Chen et al.20 published results of methane emissions from the New Mexico Permian basin. 

measured by aerial surveys performed by Kairos Aerospace in a 35,923 km2 area with 26,292 

producing wells and 15,000 km of pipelines. The authors also accounted for three important 

factors: (1) emissions that were below detection threshold, (2) assets not covered in the campaign, 

and (3) partial detection. The aircraft flew over 90% of the producing wells in multiple occasions 

from October 2018 to January 2020. The total methane flow derived was 194 tonnes per hour or 

9.4% of gross gas production. Additionally, the authors attributed the detected methane plumes to 

all the facility types surveyed based on proximity to the emitting source, wind direction, and 

prioritizing localized sources over pipelines. The latter means that if a methane plume is detected 

near a localized source (i.e., equipment such as compressor station) and a pipeline, the plume is 

assigned to the localized sources. The study assigns emissions to the following facility types: well 

sites, gas processing plants, compressor stations, storage tanks, pipeline and “other/ambiguous”. 

Well sites are defined as sites with at least one producing well that have storage tanks, gathering 

lines, and compressor stations. Thus, well sites are equivalent to production and gathering and 

boosting from this LCA. Gas processing plants are equivalent to the processing stage. Finally, the 

definition for compressor stations in the paper does not include any wells or processing plants, 

only gathering line and storage tanks. Therefore, this category is equivalent to the transmission 

stage in this LCA. The storage tanks category does not contain any other facility types, only tanks 

and gathering lines. Kairos did not attribute any plumes to the standalone storage tanks, only to 

the storage tanks at well sites, processing plants and compressor stations. The pipeline category 

are pipelines that are 200 m far from any well sites, gas processing plants, compressor stations and 

storage tanks. Furthermore, the authors explain the number of well sites and gas processing plants 
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has more certainty than the number of storage tanks and compressor stations because no complete 

datasets disclosing the number of these type of facilities were found.  

For the reasons mentioned above, this research incorporated the emissions contribution 

from well sites, processing plants and compressor stations but not the standalone storage tanks and 

pipeline due to the ambiguity of the definitions provided. Also, every facility type incorporated to 

this research has storage tanks and gathering lines in their definition. Based on the production-

normalized emission rate of 9.4%, the emissions contribution from well sites is 52%, from gas 

processing plants is 2%, and from compressor stations is 17%. It is important to note that the final 

methane emission rate estimated from this study20 is higher than that from other peer-reviewed 

studies 18,21,22.  

Zhang et al.18 derived methane emission rates using Bayesian atmospheric inverse 

modeling based on a bottom-up inventory extrapolated from EPA as a prior and observations from 

the spaceborne sensor Tropospheric Monitoring Instrument (TROPOMI) aboard the Copernicus 

Sentinel-5 Precursor satellite. The satellite measurements were taken from May 2018 to March 

2019. The authors estimated methane emissions from oil and gas facilities in the Permian basin to 

be 2.7 Tg/yr, which is an average emission rate of 3.7% of the gross gas production in the Permian. 

They also provided information about another emission inventory developed by scaling up ground-

based methane measurements in the Permian, which are 2.3 Tg/yr for well sites, 0.14 Tg/yr for gas 

processing plants, and 0.22 Tg/yr for compressor stations. These estimates were used to 

disaggregate the 2.7 Tg/yr of methane emissions into the different facility types to estimate the 

emissions contribution from production, processing, and transmission.  

 An average emission rate for each facility type is calculated by averaging the mean 

production-normalized emission rates per facility type. Zhang et al.18 described the emissions 

behavior of the Permian as a whole while Chen et al. 20 mostly studied the New Mexico part of the 
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Permian, so the assumption that the emissions trend in New Mexico is representative of the whole 

Permian must be made to average these two emission rates as equal. According to Dubey et al. 23, 

TROPOMI can achieve a detection threshold of approximately 50 kg/h in the Permian basin area 

for a campaign with a duration of one year, which is the case of the study conducted by Zhang et 

al.18. Only 14% of the 1985 plumes detected by Kairos Aerospace are below 50 kg/h, and these 

plumes account for approximately 5% of the total methane emission mass rate. This agrees with 

the heavy-tail distributions characteristic of methane measurements 24,25. For this reason, this work 

averages the measurements obtained from both technologies with equal weight since there are not 

sufficient data available to estimate a weighted average of any sort that does not introduce more 

bias to the emission rates. The emission rates estimated for each stage (production, processing, and 

transmission) are presented in Table S4. 

Table S4:  Top-down methane measurements based on aerial surveys and satellite observations 
conducted in the Permian basin by peer-reviewed studies. Methane measurements are 
reported as production-normalized emission rates (%). 

Study used to 
estimate CH4 

emissions 
Methodology Region 

Mean production-
normalized emission 

rate (%) 

Zhang et al.18 

TROPOMI measurements 
disaggregated by stage 

based on extrapolation of 
site-level measurements 

Permian basin 
Production-3.20 
Processing-0.19 

Transmission-0.31 

Chen et al. 20 Aerial survey by Kairos 
Aerospace 

Permian basin 
(New Mexico) 

Production-4.89 
Processing-0.19 

Transmission-1.60 

 

S6. Top-down studies in the Marcellus shale 

There are similar studies conducted in the Marcellus shale; however, these measurements 

are not as recent as the surveys in the Permian basin. Our analysis is based on the southwestern 
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area of Marcellus shale basin because it is closer to the hydrogen demand point. For the Marcellus 

case, information provided by Caulton et al. 26 and Ren et al. 27 is used.  

Caulton et al.26 conducted an airborne-based study to quantify methane measurements from 

gas production, processing, transmission, and distribution in southwestern Pennsylvania. This 

study does not include emissions from the distribution sector because the delivery of natural gas 

for end use is not part of the hydrogen production chain. The authors reported a low emission rate 

of 2.8% and a high of 16.4%. Since this study didn’t report a mean, a mean is calculated assuming 

a heavy-tailed distribution, which is characteristic of methane leaks from natural gas systems, 

according to Brandt et al 24. Similarly, Frankenberg et al. showed that methane fluxes derived from 

aerial surveys follow a heavy-tailed distribution25. For this reason, this study uses a distribution 

from one of the studies24 that measured emissions in production well pads in Southwestern 

Pennsylvania (Omara et al.28) to estimate a mean emission rate of 4.17%. There are inventory-

based emission fluxes from facility types of natural gas systems (production, processing, 

transmission, and distribution). Since 26 reported an emission rate that corresponds to emissions 

from all the operations related to gas systems, from production to distribution, the previously 

mentioned inventory values are used to estimate the emissions contribution from production, 

processing, and transmission. Emissions contribution from distribution is excluded because this is 

out of the LCA boundary since the delivery of gas to the end user is not a part of this analysis. 

Ren et al. 27 followed a similar approach but reported emissions from the distribution sector 

separately. The authors reported an emission rate of 1.1%, excluding gas distribution, so the same 

inventory values were used to allocate emissions between production, processing, and transmission 

facilities. This time the inventory values from distribution are not utilized because this 1.1% 

emission rate does not include distribution. All the peer-reviewed studies mentioned above 

developed their own statistical models to estimate methane emissions with a high degree of 
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accuracy. For both case studies, an average is estimated based on measurements from TD surveys 

while also accounting for emissions below detection threshold where applicable. 

Unlike the studies in the Permian basin, the studies conducted in the Marcellus area do not 

account for emissions below the detection threshold of the aerial surveys. Different technologies 

that measure methane emissions have different detection thresholds. The detection threshold is the 

smallest emission flux that can be detected by a sensor. To account for emissions below this 

detection threshold, Chen et al.20 proposed to estimate the percentage of emissions from the 

national leakage rate that the Kairos sensor would not detect in New Mexico wind conditions. To 

achieve this, the authors used one of the largest datasets of ground-level measurements performed 

for 1,009 sites in the U.S. performed by Omara et al29. The main finding was that the airborne 

sensor would only detect emissions in 79 sites. However, these 8% of the 1,009 sites account for 

around 63% of total emissions from all sites. This phenomenon can be explained with the heavy-

tailed distributions of emission sizes that are typical of methane measurements24,25. Therefore, they 

conclude that approximately 37% of ground-level emissions are not detected by the aerial survey 

and they multiply this proportion by the national average methane leakage obtained from ground-

level measurements because they did not have access to any Permian site-level datasets.  

Thus, assuming that aerial surveys use similar sensors and have similar detection 

thresholds, this research applies the same fraction of emissions below the detection threshold of 

airborne sensors to the site-level measurements. However, in this case there is availability of site-

level emissions data specifically for the Marcellus (southwestern Pennsylvania and northern West 

Virginia) from Omara et al. 28. This study concluded that a mean of 0.13% is emitted from well 

pads in routine production. Thus, the 37% of an emission rate of 0.13% is added to the emission 

rate from the production stage. Table S5 shows the findings and study areas of these studies. 
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Table S5:  Top-down methane measurements based on aerial surveys and satellite observations 
conducted in the Marcellus shale by peer-reviewed studies. Methane measurements 
are reported as production-normalized emission rates (%). 

Study used to 
estimate CH4 

emissions 
Methodology Region 

Mean production-
normalized 

emission rate (%) 

Caulton et al.26 Airborne system 
mass balance 

Marcellus shale 
(Southwestern 
Pennsylvania) 

Production-0.64 
Processing-0.10 

Transmission-0.72 

Ren et al.27 Aircraft mass 
balance 

Marcellus shale 
(Southwestern 

Pennsylvania and 
northern West Virginia) 

Production-0.70 
Processing-0.08 

Transmission-0.56 

 

Top-down methane measurements are the best estimates available of methane emission 

rates in the Marcellus shale and Permian basin. This study uses the most up-to-date top-down 

studies available in the literature. However, top-down surveys are not ideal because they are a 

snapshot in time. On one hand, the studies in the Permian basin have a duration of approximately 

one year, which is sufficient time to capture the temporal variability of emissions. On the other 

hand, the aerial surveys conducted in the Marcellus shale only last a few days, which might not be 

enough time to characterize methane emissions from oil and gas facilities. A potential solution to 

the temporal variation of methane emissions is the use of continuous emissions monitoring systems 

(CEMS). Nonetheless, there are no peer-reviewed studies that quantify methane emissions in the 

Marcellus shale and Permian basin. The only known study that uses tower-based continuous 

monitoring is a preprint by Barkley 30, which estimates production-normalized methane emission 

rates of 2.5 – 3.5% for the Delaware in the Permian basin and 0.30 – 0.45% for the northeastern 

Marcellus. The measurements in the Delaware sub-basin were taken from March 2020 to April 

2022 and the lowest levels of methane were seen during the COVID-19 pandemic. The 

measurements in the northeastern Marcellus were taken from May 2015 to December 2016, so 
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they are not significantly novel than the measurements used in this work. These estimates obtained 

from CEMS are lower than the average methane emission rates estimated in this research. Finally, 

when resources to quantify methane emissions are not limited and data availability is not a 

limitation, a multiscale approach is recommended, where various technologies with different 

detection thresholds (optical gas imaging cameras, drones, aerial surveys, and satellites) are 

deployed to quantify methane emissions in a layered manner as proposed by Wang et al.31 and 

Esparza et al. 32. Spatially and temporally resolved quantification of methane measurements can 

be achieved with the deployment of CEMS and multiscale technologies.  

 

S7. Allocation of GHG emissions  

Zavala-Araiza et al.33 describe a methodology to allocate methane emitted from all the 

activities related to oil and gas operations to the three products resulting from production and 

processing, which are crude oil, natural gas, and natural gas liquids. Similarly, Aldrich et al.34 and 

GHG Protocol35 explain the importance of allocating the CO2 emissions resulting from fuel 

combustion in a facility when there are multiple output streams. Table 5 shows the proportion of 

GHG emissions allocated to the products in each stage.  

In the Permian basin, emissions are allocated between crude oil and produced gas in the 

production stage. This energy allocation was performed based on the yearly oil and natural gas 

production obtained from the Railroad Commission of Texas36. The produced gas is a high-

pressure fluid mixture that consists of natural gas and natural gas liquids. However, natural gas 

liquids are only separated at the processing stage and are not reported at the production site-level. 

Thus, a second emissions allocation is done at the processing stage between dry natural gas used 

for hydrogen production and natural gas liquids. Similarly, although no crude oil is produced in 

the Marcellus shale basin, emissions are allocated between dry natural gas and natural gas liquids 
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at the processing stage. The allocation for NGL is calculated based on specific natural gas yields 

for the Marcellus and Permian obtained from the EIA37. The units of NGL yield are bbl/MMcf, 

which refer to the number of barrels of NGL obtained from 1 MMcf of unprocessed raw gas. Table 

S5 summarizes the proportion of GHG emissions allocated to different products in each stage of 

the hydrogen supply chain.  

The percentage of emissions corresponding to raw gas and oil resulting from the wellhead 

is computed as: 

 

%	𝑒𝑚𝑖𝑠𝑠𝑖𝑜𝑛𝑠	𝑎𝑙𝑙𝑜𝑐𝑎𝑡𝑖𝑜𝑛	"#$ =
𝑄	"#$ ∗ 𝐸	"#$

(𝑄	"#$ ∗ 𝐸	"#$) + (𝑄	%&' ∗ 𝐸	%&')
							(𝑆1) 

 

%	𝑒𝑚𝑖𝑠𝑠𝑖𝑜𝑛𝑠	𝑎𝑙𝑙𝑜𝑐𝑎𝑡𝑖𝑜𝑛	(&)	%&' =
𝑄	%&' ∗ 𝐸	%&'

(𝑄	"#$ ∗ 𝐸	"#$) + (𝑄	%&' ∗ 𝐸	%&')
							(𝑆2) 

Where: 

𝑄	"#$ = Yearly oil production (bbl/year) 

𝑄	%&' = Yearly gas production (scf/year) 

𝐸	"#$ 	 = Energy density of oil (5.8 MMBtu/bbl) 

𝐸	%&' = Energy density of gas (1172 BTU/scf for Marcellus and 1235 BTU/scf for Permian)* 

*Differences due to presence of heavier components in Permian gas.  

 Subsequently, the fraction of emissions corresponding to natural gas liquids and residue 

gas originating from the processing plant is estimated as: 

 

%	𝑒𝑚𝑖𝑠𝑠𝑖𝑜𝑛𝑠	𝑎𝑙𝑙𝑜𝑐𝑎𝑡𝑖𝑜𝑛	*+, =
𝑁𝐺𝐿	𝑦𝑖𝑒𝑙𝑑 ∗ 𝐸	*+,
(1	𝑀𝑀𝑠𝑐𝑓 ∗ 𝐸	%&')

							(𝑆3) 

 
%	𝑒𝑚𝑖𝑠𝑠𝑖𝑜𝑛𝑠	𝑎𝑙𝑙𝑜𝑐𝑎𝑡𝑖𝑜𝑛	(-'#./-	%&' = 1 −%	𝑒𝑚𝑖𝑠𝑠𝑖𝑜𝑛𝑠	𝑎𝑙𝑙𝑜𝑐𝑎𝑡𝑖𝑜𝑛	*+,							(𝑆4) 
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Where: 

𝑁𝐺𝐿	𝑦𝑖𝑒𝑙𝑑 = 72 bbl/MMcf for Marcellus and 95 bbl/MMcf for Permian 

𝐸	*+, = Energy density of natural gas liquids (3.82 MMBtu/bbl) 

𝐸	%&' = Energy density of gas (1172 BTU/scf for Marcellus and 1235 BTU/scf for Permian) 

Table S6: Allocation of emissions for each product and stage along the NG supply chain. 

Supply chain stage Product Share of emissions 
Marcellus shale 

Share of emissions 
Permian basin 

Production 
Natural gas 100% 46% 
Crude oil 0% 54% 

Processing 
Natural gas 77% 71% 

Natural gas liquids 23% 29% 

 

S8. Energy balance 

One of the main purposes of this research is to estimate the energy and mass of gas needed 

to produce 1 kilogram of hydrogen. However, no process is 100% efficient. Additional energy 

from gas must be accounted for due to the following operational circumstances: 

a) Gas loss due to leakage, flaring, and venting, i.e., the aggregate of emissions provided by 

top-down studies at a basin level and due to liquid unloading. 

b) Fuel consumption of gas-driven equipment along the supply chain 

c) Efficiency of SMR 

To calculate the energy of natural gas needed to produce 1 kg H2, all the parameters 

mentioned above need to be accounted for along the natural gas supply chain from gas extraction, 

which is the gas production stage, to the hydrogen production plant. The starting point is the energy 

required to produce 1 kg H2 based on the cold gas efficiency of the SMR plant, which is equal to 

72.1% on an HHV basis 38. The fuel required was calculated based on the Aspen Plus steady state 

simulation from Lewis et al. 38, where the 15.35% of the natural gas feed flowrate for SMR is used 
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as a fuel. The amount of mass needed for 1 kg H2 is equal to the sum of the mass required for 1 kg 

H2 and for the fuel.  

The energy required from natural gas from the previous supply chain stages (until 

production) is reverse calculated based on the energy needed for 1 kg H2. This is essentially an 

energy balance. Following the law of conservation of energy, this energy balance is repeated until 

the production stage of the LCA has been reached. Thus, this is the amount of energy needed from 

natural gas to produce 1 kg H2 accounting for all gas losses and fuel use. The total energy required 

from natural gas per stage can be converted to mass based on the heating value and density of 

natural gas in each stage, which is obtained based on the gas composition of residue and raw gas 

from the LCI. 

S9. Supplementary results 
Base Case Scenario 

Table S7:  Marcellus shale base case – life cycle GHG emissions of blue hydrogen production 
in Ohio using natural gas derived from the Marcellus shale disaggregated across key 
life cycle stages. Results expressed in both GWP-100 and GWP-20. 

GHG 
Drilling and 

completions 
Production Processing Transmission SMR CCS 

Emissions 

by GHG 

CO2  

(kg CO2/kg H2) 
0.03 0.37 0.02 0.06 0.62 0.57 1.67 

CH4  

(kg CH4/kg H2) 
5.4x10-4 0.03 0.003 0.03 - - 0.06 

CH4 GWP-100  

(kg CO2e/kg H2) 
0.01 0.82 0.08 0.71 - - 1.62 

CH4 GWP-20  

(kg CO2e/kg H2) 
0.04 2.39 0.23 2.07 - - 4.73 

Total emissions 

GWP-100 

(kg CO2e/kg H2) 

0.04 1.19 0.10 0.77 0.62 0.57 3.3 
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Total emissions 

GWP-20 

(kg CO2e/kg H2) 

0.07 2.76 0.25 2.13 0.62 0.57 6.4 

 
 

Table S8: Permian basin base case – life cycle GHG emissions of blue hydrogen production in 
Houston, TX using natural gas derived from the Permian basin disaggregated across 
key life cycle stages. Results expressed in both GWP-100 and GWP-20. 

GHG 
Drilling and 

completions 
Production Processing Transmission SMR CCS 

Emissions 

by GHG 

CO2  

(kg CO2/kg H2) 
0.02 1.02 0.29 0.21 0.56 0.39 2.49 

CH4  

(kg CH4/kg H2) 
5.88x10-4 0.13 0.004 0.04 - - 0.17 

CH4 GWP-100  

(kg CO2e/kg H2) 
0.02 3.61 0.12 1.21 - - 4.96 

CH4 GWP-20  

(kg CO2e/kg H2) 
0.05 10.52 0.35 3.51 - - 14.43 

Total emissions 

GWP-100 

(kg CO2e/kg H2) 

0.04 4.63 0.41 1.42 0.56 0.39 7.4 

Total emissions 

GWP-20 

(kg CO2e/kg H2) 

0.07 11.54 0.64 3.72 0.56 0.39 16.9 

 
Clean electricity scenario 

To account for scope 2 emissions originating from the electric grid, the base case considers 

the 2021 annual average output emission rates by state from Environmental Protection Agency’s 

eGRID 39, which is the most up-to-date version of emissions from the electric grid. For Texas and 

Ohio these emission rates are 0.39 and 0.55 kg CO2e/kWh, respectively. However, this research 

also considers a scenario where electricity is obtained from low or zero-carbon energy sources, 

specifically wind power because this technology has the lowest life cycle emissions among other 
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renewable sources (0.011 kg CO2e/kWh 40). Figure 13 shows the life cycle GHG emissions for 

each case study based on a clean electricity scenario. The use of clean electricity decreases the life 

cycle GHG emissions of blue hydrogen by 22% for the Marcellus case and by 7% for the Permian 

case compared to the base cases, resulting in life cycle GHG emissions of 2.6 and 6.9 kg CO2e/kg 

H2, respectively. This difference in percentages of emissions reductions is due to the higher carbon 

intensity of the electric grid in Ohio compared to the electric grid in Texas, so the Permian case 

has a higher reduction in emissions. 
 
 

 

Figure S3: Clean electricity scenario - GHG emissions from blue hydrogen production using 
natural gas the Marcellus shale (left) and Permian basin (right), disaggregated across 
key life cycle stages (methane expressed in kg CO2e based on GWP of 100-year 
horizon from IPCC AR6). The dotted line represents the threshold to qualify for tax 
credits. 
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S10. Potential reduction in methane emissions 

Due to the substantial contribution of methane emissions during upstream activities, a 

reduction in emissions could be achieved by decreasing the methane leakage from upstream 

activities. A total production-normalized methane emissions rate of 0.5%, would decrease life 

cycle GHG emissions to 2.5 kg CO2e/kg H2 for the Marcellus case, which is a 24% emissions 

reduction compared to the base-case scenario. For the Permian case, a reduction of production-

normalized methane emissions rate to 0.5% reduces life cycle GHG emissions by 58% to 3.1 kg 

CO2e/kg H2 and this benchmark would qualify for the tax credits established by the IRA. The 

Permian case has a higher reduction in emissions because current measurement-based methane 

leakage estimates are substantially higher than in the Marcellus.  
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S11. Life Cycle Inventory (LCI) Parameters 
 
Table S9. Emission factors. 
 

Emission factors Parameter Units Reference 
CO2 emission factor per scf of NG 5.49E-02 kg CO2/scf NG 42 
CO2 emission factor per kg of NG 2.69E+00 kg CO2/kg NG 43 

Diesel emission factor 10.19 kg CO2/gal diesel 42 
 
Table S10. Global Warming Potential (GWP) for methane for 100 and 20 years. 
 

Global Warming Potential Parameter Units Reference 
Methane (100-year) 27.9 kg CO2e/kg CH4 44 
Methane (20-year) 81.2 kg CO2e/kg CH4 44 

 
Marcellus shale 
 
Table S11. Properties of wellhead and residue gas45.  
 

Parameter Raw rich gas Residue gas (pipeline quality) 
Mol% C1 82.32 90.67 

Mass fraction of 
methane 0.68 0.84 

HHV (btu/scf) 1172.3 1077.9 
LHV (btu/scf) 1082.2 975 

Density (kg/m3) 0.825 0.737 
Density (kg/ft3) 0.0234 0.0209 

Table S12. Marcellus raw gas composition45. 

Component Mol% Mass fraction 
N2 0.26 0.00 
C1 82.32 0.68 
C2 12.60 0.19 
C3 3.18 0.07 

NC4 0.68 0.02 
IC4 0.38 0.01 
NC5 0.15 0.01 
IC5 0.27 0.01 
C6 0.08 0.00 

CO2 0.08 0.00 
Total 100.00 1.00 



 
 

Non-peer-reviewed preprint submitted to Earth ArXiv 

 22 

Table S13. Marcellus residue gas composition45.  

Component Mol% Mass fraction 
N2 0.29 0.00 
C1 90.67 0.84 
C2 8.77 0.15 
C3 0.18 0.00 

N-C4 0.00 0.00 
I-C4 0.00 0.00 
N-C5 0.00 0.00 
I-C5 0.00 0.00 
C6 0.00 0.00 

CO2 0.09 0.00 
Total 100.00 1.00 

 
 
Table S14. Drilling and completions.  
 

Parameter Mean Units Reference 
Methane volume emitted from well 
completion 

251.85 Mscf/well/event 46 

Flare destruction efficiency  98 % 47 
Methane emissions from drilling 0.034 kg CH4/s/well 26 
Average drilling efficiency  22 days/well 26 
Fuel used for drilling 16952 gal/well 45 
Fuel used for fracturing  41235 gal/well 45 

 
 
Table S15. Production-normalized methane emission rates from top-down studies in southwestern 
Marcellus.  
 

Parameter Low Mean High Units Reference 
Methane emission rate per 

unconventional site 0.01 0.13 1.2 % 28 

Natural gas flux/production 
rate 2.8 4.17 16.4 % 26 

Methane emission rate 
 (PA & WV)  1.1  % 27 
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Table S16. Inventory-derived emissions contribution from the natural gas supply chain26.  
 

Supply chain 
stage 

Low  
(g CH4/s/km2) 

Mean  
(g CH4/s/km2) 

High  
(g CH4/s/km2) 

Production 0.05 0.175 0.3 
Processing 0.03 0.03 0.03 

Local 
transmission 0.14 0.215 0.29 

Local 
distribution 0.14 0.215 0.29 

Interstate 
transmission 0.2 0.3025 0.405 

Interstate 
distribution 0.2 0.3025 0.405 

Total 0.76 1.24 1.72 
 
 
Table S17. Emissions contribution per stage from top-down measurements estimated with data 
from Caulton et al.26 

   
 
Table S18. Emissions contribution per stage from top-down measurements estimated with data 
from Ren et al.27 
 

Supply chain 
stage 

Emissions contribution 
without distribution 

sector 

Mean leakage rate (with 
emissions below detection 

threshold) 
Units 

Production 42 0.67 % 
Processing 7 0.08 % 

Transmission 51 0.56 % 
Total 1.1 1.31 % 

 
 
 

Supply chain 
stage 

Mean 
emissions 

contribution 
(%) 

Mean 
leakage rate 

Mean leakage rate 
(with emissions below 
detection threshold) 

Units 

Production 14.11 0.59 0.63 % 
Processing 2.42 0.10 0.10 % 

Transmission 17.34 0.72 0.72 % 
Total  1.41 1.46 % 
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Table S19. Methane emissions from transmission and storage compressor stations estimated with 
data from Zimmerle et al48 
 

Activity % of total potential 
emissions Units 

Pipeline Leaks 0.13 % 
Station 4.51 % 
Reciprocating Compressor 31.42 % 
Dehydrator vents 0.08 % 
Exhaust from engines 9.56 % 
Generators (engines) 0.47 % 
Pneumatic Devices 8.99 % 
Pipeline venting (routine maintenance) 7.51 % 
Station venting 6.14 % 
Mean total transmission and storage emission rate 0.35 % 
Emissions contribution for transmission compressor 
stations (no storage) 61.17 % 

Emissions contribution for transmission pipelines 
(no storage) 7.64 % 

Mean total emission rate from transmission 
compressor stations 0.2141 % 

Mean total emission rate from transmission pipelines 0.0267 % 
 
 
 
Table S20. Production – Upstream activities 
 

Parameter Mean Units Reference 
Estimated Ultimate Recovery 

(EUR) 5.12 Bcf/well 45 

Methane leakage rate from 
production (upstream)  0.64 NG loss/production 

rate (%) 
26 

Methane leakage rate from 
production (upstream) 0.70 NG loss/production 

rate (%) 
27 

Liquids Unloading (throughput 
normalized methane emissions) 0.059 kg CH4/kg CH4 

produced (%) 
49 

Fuel use for compression 2.2 scf fuel gas/scf 
throughput (%) 

45 

Fuel for dehydration, other 
operations 0.12 scf fuel gas/scf 

throughput (%) 
45 
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Table S21. Natural gas processing. 
 

Parameter Mean Units Reference 
Raw Marcellus gas feed to 

facility 131.52 MMscf/day 45 

Gross flow of pipeline quality 
gas leaving facility 119.03 MMscf/day 45 

Natural gas plant liquids yield 72 b/MMcf 37 
Energy density of natural gas 

liquids (NGL) 3.82 MMBTU/bbl 50 

Methane leakage rate from 
processing 0.10 Fugitive NG 

loss/production rate (%) 
26 

Methane leakage rate from 
processing 0.08 Fugitive NG 

loss/production rate (%) 
27 

Facility fuel gas consumption 0.25 MMscf/day  
45 

 
 
Table S22. Estimated methane leakage rates from transmission facilities.  
 

Parameter Mean Units Reference 
Methane leakage rate  
(compressor stations) 0.72 NG loss/production rate 

(%) 
26 

Methane leakage rate  
(compressor stations) 0.56 NG loss/production rate 

(%) 
27 

Methane leakage rate from 
(compressor stations and pipelines) 0.24 NG loss/production rate 

(%) 
48 

 
 
Table S23. Operational parameters for CO2 injection.  
 

Parameter Mean Units Reference 
Pressure drop along CO2 transportation 

pipeline 0.1276 MPa/mile 51 

Normal pressure gradient 0.433 psi/ft 52 
Average depth for injection in Maryville 

formation (Ohio) 7000 ft 53 

Average injection pressure 20.9 MPa  
Power requirement for CO2 injection 667.18 kW  

Normalized power requirement for CO2 
injection 0.03 kWh/kg H2  
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Permian basin 
 
Table S24. Properties of wellhead and residue gas54. 
 

Parameter Raw gas Residue gas  
(pipeline quality) 

Mol% C1 72.07 97.10 
Mass fraction of methane 0.50 0.95 

HHV (btu/scf) 1235 981 
LHV (btu/scf)  884 

Molecular weight (g/mol)  16.39 
Density (kg/m3) 0.774 0.695 
Density (kg/ft3) 0.0219 0.0197 

Table S25. Permian raw gas composition. 

Component Mol% Mass fraction 
N2 2.09 0.03 
C1 72.07 0.50 
C2 12.12 0.16 
C3 6.15 0.12 

NC4 1.86 0.05 
IC4 0.73 0.02 
NC5 0.50 0.02 
IC5 0.46 0.01 
C6 1.27 0.05 

CO2 2.75 0.05 
Total 100.00 1.00 

Table S26. Permian residue gas composition (ethane recovery). 

Component Mol% Mass fraction 
N2 2.80 0.05 
C1 97.10 0.95 
C2 0.10 0.00 
C3 0.00 0.00 

N-C4 0.00 0.00 
I-C4 0.00 0.00 
N-C5 0.00 0.00 
I-C5 0.00 0.00 
C6 0.00 0.00 

CO2 0.00 0.00 
Total 100.00 1.00 
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Table S27. Drilling and completions. 
 

Parameter Mean Units Reference 
Methane volume emitted from well 

completion 130.46 Mscf/well/event 47 

Flare destruction efficiency 98 % 26 
Methane emissions from drilling 0.034 kg CH4/s/well 26 

Average drilling efficiency 22 days/well 26 
Fuel used for drilling 53730 gal/well 55 

Fuel used for fracturing 23402 gal/well 55 
 
 
Table S28. Production-normalized methane emission rates from top-down studies in the Permian 
basin.  
 

Parameter Mean Units Reference 
Methane emission rate New Mexico Permian basin 9.4 % 20 
Methane emission rate derived via TROPOMI 
observations 3.7 % 18 

 
 
Table S29. Emissions contribution per stage from top-down measurements estimated with data 
from Chen et al. 20 
 

Supply chain stage Emissions 
contribution Mean emission rate Units 

Production 52 4.89 % 
Processing 2 0.19 % 

Transmission 17 1.60 % 
 
 
Table S30. Emissions contribution per stage from top-down measurements estimated with data 
from Zhang et al.18 

Supply chain 
stage 

Site-level 
emissions 

(Tg/yr) 

Emissions 
contribution (%) 

Mean leakage rate 
(%) 

Production 2.30 86 3.20 
Processing 0.14 5 0.19 

Transmission 0.22 8 0.31 
Total 2.66   
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Table S31. Production – Upstream activities  
 

Parameter Mean Units Reference 
Methane leakage rate from 

production 4.89 NG loss/production 
rate (%) 

20 

Methane leakage rate from 
production 3.2 NG loss/production 

rate (%) 
18 

Liquids Unloading (throughput 
normalized methane emissions) 0.0093 kg CH4/kg CH4 

produced (%) 
49 

Fuel consumption in the 
production facility 475 Mscf NG/facility-yr 56 

Fuel consumption for compression 
(G&B) 1.16E+11 scf NG/facility-yr 56 

Production rate per production 
facility 4.47E+11 scf/facility-yr 56 

Natural gas throughput in the 
gathering and boosting facility 2.31E+12 scf/yr 56 

 
 
Table S32. Permian basin yearly production and energy density of fluids for energy-based 
allocation.  
 

Parameter Mean Units Reference 
Oil Production Volume 1,079,185,794 bbl/year 36 

Casinghead Production Volume 3.13396E+12 scf/year 36 
Gas Production Volume 1.85865E+12 scf/year 36 

Condensate Production Volume 187,444,378 bbl/year 36 
Energy density of oil 5.8 MMBTU/bbl 50 
Energy density of gas 1,235 BTU/scf 50 

Gas Oil Ratio 8,000 scf/bbl 13 
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Table S33. Natural gas processing. 
 

Parameter Mean Units Reference 
Flowrate of gas feed to CDP 200 MMscf/day 54 

Flowrate of residue gas recycled to 
cryo inlet in ethane recovery mode 19.5 MMscf/day 54 

Methane leakage rate from 
processing 0.19 NG loss/Mcg NG 

(%) 
20 

Methane leakage rate from 
processing 0.2 NG loss/Mcg NG 

(%) 
18 

Natural gas throughput 3.36E+10 scf NG/facility-yr 56 
Fuel Consumption 7.72E+08 scf NG/facility-yr 56 

Natural Gas Plant Liquids 
Production 95 b/MMcf 37 

Energy density of natural gas 
liquids (NGL) 3.82 MMBTU/bbl 50 

 
 
Table S34. Natural gas transmission.  
 

Parameter Mean Units Reference 
Flowrate of residue gas 1.81E+08 scf/day 56 
Methane leakage rate 
(compressor stations) 1.60 NG loss/production rate (%) 20 

Methane leakage rate 
(compressor stations) 0.31 NG loss/production rate (%) 18 

Methane leakage rate 
(compressor stations 

and pipelines) 
0.24 NG loss/production rate (%) 48 
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Table S35. Operational parameters of transmission compressor stations in the U.S.  
 

Parameter Mean Units Reference 
Share of reciprocating engines (gas-
powered) 78 % 57 

Share of centrifugal engines (gas-
powered) 19 % 57 

Share of centrifugal engines (electrical) 3 % 57 
Average horsepower capacity of 
reciprocating compressors 2335.00 hp 58 

Thermal efficiency of reciprocating 
compressors 37.50 % 48 

Average number of centrifugal 
compressor units per station 5.00 compressor 

units 
58 

Average operating hours per compressor 
unit 2914.00 hours/year 48 

Average distance between transmission 
compressor stations 75.00 mi 57 

 
Table S36. Parameters to calculate power requirement for CO2 compression and pumping59. 

 
Parameter Value Units 
Number of compression stages 5.00  
Gas constant (R) 8.31 kJ/kmol-K 
Molecular weight CO2 (M) 44.01 kg/kmol 
CO2 temperature at compressor inlet (T) 313.15 K 
Isentropic efficiency of compressor (n) 0.75  
CO2 mass flow rate to be transported (m) 4618.00 tonnes/day 
Initial pressure 0.10 MPa 
Critical pressure 7.38 MPa 
Final pressure 15.00 MPa 
Optimal compression ratio 0.49  
Density of liquid CO2 630.00 kg/m3 

 
Table S37. Average CO2 compressibility and ratio of specific heats per stage59. 
 

Stage CO2 compressibility Ratio of specific heats of CO2 
(Cp/Cv) 

1 0.995 1.277 
2 0.985 1.286 
3 0.97 1.309 
4 0.935 1.379 
5 0.845 1.704 
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Table S38. Power requirement for CO2 compression per stage and pumping59. 
 

Compression stage Compression power requirement (kW) 
1 2757.71 
2 2724.83 
3 2670.71 
4 2540.24 
5 2190.20 

Total compression power requirement 12883.69 
Pumping power requirement 229.92 

Total compression and pumping power 13113.61 
 
 
Table S39. Operational parameters of SMR plant with CO2 capture and compression.  
 

Parameter Amount Units Reference 
Molar mass CH4 16.04 g/mol  
Molar mass H2 2.02 g/mol  
Molar mass CO2 44.01 g/mol  
Molar mass CO 28.01 g/mol  
Molar mass H2O 18.01 g/mol  
Methane density at standard 
conditions 0.019 kg/ft3 60 

Heating value of methane 1010 BTU/scf 61 
Moles H2/mole CH4 4 mol H2/mol CH4  
Moles CO2/mole CH4 1 mol CO2/mol CH4  
HHV hydrogen 134476.3 BTU/kg H2 62 
Power for SMR 7070 kW  
Power for CO2 capture/Removal 
Auxiliaries 6710 kW  

Power for CO2 compression 13113.61 kW  
Total power 26893.61 kW  
V-L flowrate H2 product 20,125 kg/h 38 
Cold gas efficiency for SMR with 
CO2 capture 72.1 % 38 

Natural gas feed flowrate to SMR 
plant 75,472 kg/hr 38 

Fuel flowrate to SMR plant 11,588 kg/hr 38 
Carbon capture rate (base case) 96.2 % 38 
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Table S40. Average GHG emission rates from electricity grid and wind power. 
 

Source GHG emission rate Units Reference 
Ohio 0.551 kg CO2e/kWh 39 
Texas 0.390 kg CO2e/kWh 39 

Wind power 0.011 kg CO2e/kWh 40 
 
 
Table S41. Operational parameters for CO2 injection.  
 

Parameter Mean Units Reference 
Pressure drop along CO2 transportation 
pipeline 0.1276 MPa/mile 51 

Normal pressure gradient 0.433 psi/ft 52 
Average formation depth for CO2 injection in 
Texas 6500 ft 63 

Average injection pressure 20.9 MPa  
Power requirement for CO2 injection 667.18 kW  
Normalized power requirement for CO2 
injection 0.03 kWh/kg 

H2  
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